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Abstract 
 
 Oil production from EOR projects continues to supply an increasing 
percentage of the world‟s oil. About 3% of the worldwide production now comes from 
EOR [1]. To ensure the future supply of oil, more research needs to be done to 
determine the optimal method of increasing the recovery from mature known field. In 
this thesis we have developed screening criteria to maximize oil recovery using 
different EOR strategies. Water flooding in heterogeneous and stratified oil 
reservoirs often yields only low average oil recovery (around an average of 35% 
globally). Recovery with conventional injection systems is imperfect due to the 
incomplete sweep of the reservoir space. There are two factors affecting the 
recovery one is the pore scale recovery, limited by interfacial tension and the other is 
areal  and vertical sweep efficiency limited by the heterogeneities, therefore it is 
logical to try to improve this recovery . Oil recovery frequently involves the injection 
of fluids into oil field reservoirs in an effort to drive the oil toward the production 
wells. Various drive fluids including fresh water, re-injected oil field brines, polymer 
solution, carbon dioxide, surfactant, flue gases and steam are used for this purpose. 
Limited numbers of EOR methods have been used in this study based on the 
properties of the reservoir and the screening criteria done from different studies. 
While the mechanisms may differ significantly, these recovery methods have proven 
to improve oil production in many reservoirs [2]. Reducing the mobility ratio between 
water and oil, especially by increasing the viscosity of the injected water to reduce 
and manage efficiently the water produced, is one of the most popular methods to 
enhance the oil recovery. Significant water production is a serious problem in the 
petroleum industry. While this problem can arise for several reasons, water 
production from high permeability streaks or channels during water flooding 
operations is a common cause. Excessive water production can not only reduce the 
project economics by excessive water treatment and disposal cost but also can 
completely prevent the production from gas and oil wells, from which the production 
has become uneconomic.  
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The need for effective EOR technologies in the oil industry will become more 
urgent in the future, as mature fields will be affected by pressure drop and water 
production. Therefore, using some other alternative like polymer, solvent, and 
surfactant injection will help to increase the production and reduce the water 
production. Optimizing the recovery using different EOR technologies will help also 
to decrease the water production in the system.  This study was done based on 
changes of the concentration of the injected agent and the slug size. Different 
concentrations and slug sizes can improve the strategy used from a low recovery to 
a very high one. The uncertainty of the oil price and geological heterogeneity (for 
example permeability distribution) can also change the optimal choice of EOR 
scheme and then the order of the preferred technology from one to another. A 
sensitivity analysis was done to validate the outcome results and make sure that the 
project is still profitable as the parameters changes on specific ranges.  
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1. Introduction 
 
A worldwide look at long-term trends reveals that new discoveries of 
conventional oil fields (conventional oil excludes oil shale, tar sand, tight sand, and 
pyrobitumen) are declining while demand for oil is estimated to increase 
approximately 1.5% per year from the current levels of approximately 85 million 
barrels of oil per day (bopd) [3]. The Middle East will provide a key role in future long 
term supply of oil to meet world demand because it has 2/3 of the world oil reserves. 
A portion of the increased demand will be met by increasing supplies from non-
conventional deposits but the majority will need to come from improved rates and 
recovery in conventional oil fields or from the exploration for new fields. Industry 
experience and performance to date indicates that while considerable opportunities 
exist, there will also be fundamental challenges facing our ability to increase light oil 
recovery from complex carbonate reservoirs in the Middle East [3]. Several major oil 
companies and agencies like Aramco, KOC, and ADNOC issue long term oil supply 
and demand forecasts. These forecasts offer a global perspective on both type and 
quantity of oil resources that can be recovered utilizing both known and anticipated 
recovery technologies. Most of these outlooks lead to similar conclusions with 
respect to world demand outstripping the ability of the industry to discover new 
resources and the need to fill this supply-demand gap by a combination of improved 
recovery from existing conventional sources and development of advanced 
technologies to recover usable oil from unconventional sources. Global estimates of 
oil in-place and recoverable oil have a wide band of uncertainty but estimates from 
the 2005 ExxonMobil energy outlook are that there are approximately 7 trillion 
barrels of conventional oil in-place and approximately 3.2 trillion barrels of 
recoverable oil will be produced from these conventional sources by utilizing current 
and advanced technologies. See Figure1.1 below for more explanation. 
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      Figure 1.1: Middle East growth from IOR/EOR (Wilkinson J.R, 2006) [3] 
 
Of this amount, about 1 trillion barrels had already been produced and 
consumed at year end 2004. The unconventional resources are still expensive 
comparing to the conventional resources that can be easily recovered and use it is 
products throughout the world. [3]. See Figure 1.2  
    
     Figure 1.2 : IOR/EOR potential in all regions (Wilkinson J.R, 2006) [3] 
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For this reason, most of the Middle East countries have started to work on 
EOR studies and research to find out the best method that can optimize the 
production from the complex reservoirs. In this study, we looked at different EOR 
techniques that can optimize the production for carbonate reservoirs especially in 
Kuwait fields. 
 
 The investigation employs EOR screening analysis to determine the suitable 
EOR process for mature oil reservoirs. Before we do the screening, a study of the oil 
properties and reservoir characteristics was done. When all factors were analyzed, 
screening analysis was carried out to test the feasibility of various EOR processes. 
Each of the known EOR processes has benefits and issues depending on the 
reservoir properties. 
 
The injectant supply for each of the known EOR processes was carefully 
considered as it is critical to achieving target oil recovery levels. Economic viability 
depends on injectant being secured at favorable commercial terms for the full life of 
the project. 
 
Initially we built a simple homogeneous model to act as a base case for 
comparing different recovery strategies. We compared waterflood production with 
Buckley-Leverett predictions to ensure the numerical modeling was working 
adequately. We used water flood, polymer injection, and solvent injection for the 
simple model where on the other hand we extended our research using a real 
heterogeneous sector model from Minagish Field in Kuwait to i) study which factors 
are important in deciding optimal EOR and ii) establish the methodology for 
optimizing recovery in a situation where all the factors are completely known. 
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The reservoir heterogeneity and geology were studied in detail to see how 
this will affect the injection strategy that will be used to optimize the recovery. Details 
of the reservoir structure, properties, and production analysis was covered to give an 
idea of the reservoir performance and indicate the reservoir behavior over the 
production time 
 
Different EOR techniques for different reservoir criteria will result in different 
chances of success for each EOR technique. Some EOR techniques will not be 
appropriate for some reservoirs depending on the reservoir characteristics and the 
fluids properties. Technical risk has been divided into two parts: reservoir and 
process. The reservoir technical risk considers those qualities of the reservoir and its 
hydrocarbon fluid that make it more or less risky for all EOR methods like reservoir 
heterogeneity, shale content, supporting aquifer, permeability, etc. The process 
technical risk considers aspects specific to the EOR methods. It would be possible to 
calculate risk assuming a relevant database of EOR results or we can build models 
and test them using simulation to have a good database for our forecasting model 
[2]. 
 
In order for us to see how each criterion contributed to determining the 
chance of success for each EOR scheme we have looked at some parameters that 
might have a big impact on the oil recovery of the system. We have limited this study 
to focus on two of the main parameters which are the concentration of the substance 
and the slug size. We chose these two because they play a big role on increasing 
the sweep efficiency by increasing the viscosity of the driving fluid that lead to better 
saturation profile and flood conformance which decrease the fingering and fluid loss 
(in the case of concentration) and increasing the mobility of the fluid as we apply 
some pressure when we inject in different slug sizes.   The slug size was defined as 
the time period for injection of the EOR agent and we used different scenarios to 
analyse that. We have chosen three scenarios for injecting each substance. Injecting 
from the beginning, at the water breakthrough, or at 70% of the water-cut. 
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The results we obtained from our study showed that changing the 
concentration did not have as big influence on recovery as the slug size did. Injecting 
the substance from the beginning will give the highest recovery and showed the best 
scenario to use to recover more oil with a profitable income. 
 
Analysis was also carried out to find the optimum concentration. This was 
done to see the uncertainties of each choice and minimize the chances of failure in 
each scenario. The economic analysis used in this study was simply defined as cost 
of substance injected and water production treatment where the revenue is the price 
of oil for each barrel of oil produced. We then calculated the discounted cash flow for 
the project and the net present value (NPV). Note that this was done against a base 
case of just waterflood where we consider the waterflood NPV is zero. 
 
In conclusion this study aimed to find the optimum concentration and slug size 
for different EOR techniques like polymer, solvent, and surfactant injection in a 
heterogeneous reservoir and study the economical profit that can be obtained using 
each scenario. It is more that the optimisation criterion was economic rather than just 
additional oil produced. Higher cumulative production is not the only criterion used to 
determine our optimal solution but we used the highest Net Present Value to 
determine the optimum injection scheme. We also estimated the impact of 
uncertainty (in both reservoir and economic factors) on the choice of optimal 
recovery strategy. This study was initiated by looking at different studies and 
research papers done on the same subject and applies some of the applications 
used to verify some of these methods.  General information on EOR techniques 
were studied and reviewed in details (as shown in the next chapter) with some more 
focus on the parts that related to the subject of this research. 
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2. Literature Review 
 
Enhanced oil recovery (EOR) is oil recovery by the injection of materials not 
normally present in the reservoir. This definition covers all modes of oil recovery 
processes (drive, push-pull like fishing technique, and well treatments like clean up) 
and most oil recovery agents. Enhanced oil recovery technologies are also being 
used for in-situ extraction of organic pollutants from permeable media [4]. In these 
applications, the extraction is referred to as cleanup or remediation, and the 
hydrocarbon as contaminant. The definition does not restrict EOR to a particular 
phase (primary, secondary, or tertiary) in the producing life of a reservoir. Primary 
recovery is oil recovery by natural drive mechanisms: solution gas, water influx, and 
gas cap drives, or gravity drainage. Figure 2.1 illustrates the difference between 
primary, secondary, and tertiary recovery. Secondary recovery refers to techniques, 
such as gas or water injection, whose purpose is mainly to raise or maintain 
reservoir pressure. Tertiary recovery is any technique applied after secondary 
recovery. Nearly all EOR processes have been at least field tested as secondary 
displacements. The distinction between pressure maintenance and displacement is 
not clear, since some displacement occurs in all pressure maintenance processes. 
Moreover, agents such as methane in a high-pressure gas drive, or carbon dioxide 
in a reservoir with substantial native CO2, do not satisfy the definition, yet both are 
clearly EOR processes. The same can be said of CO2 storage. Usually the EOR 
cases that fall outside the definition are clearly classified by the intent of the process. 
[4]. 
 
In the last decade, improved oil recovery (IOR) has been used 
interchangeably with EOR or even in place of it. Although there is no formal 
definition, IOR typically refers to any process or practice that improves oil recovery 
[5]. IOR therefore includes EOR processes but can also include other practices such 
as waterflooding, pressure maintenance, infill drilling, and horizontal wells. [4] 
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Figure 2.1 : Oil recovery classifications (adapted from the Oil and Gas Journal 
biennial surveys) [4]. 
 
As mentioned earlier primary production typically leaves more than two thirds 
of oil trapped in pore spaces in the reservoir (typically the average recovery from 
primary production is around 10%). Although water flooding (secondary recovery) 
improves recovery, more than 65% of oil can still be left behind as the global 
average recovery factor from water flooding is around 35%. The world oil demand is 
expected to grow to around 119 million barrels per day (B/D) in 2025 (EIA, 2005), 
emphasis on enhanced oil recovery is increasing. In the next section we will have a 
detailed explanation of all the EOR processes used for this study with all the 
drawbacks associated with each technique by looking at some research and 
literatures to see others approaches on the same field of study. 
 
There are many types of EOR techniques that can be used to improve oil 
recovery like steam flooding, In-Situ combustion, Nitrogen miscible, polymer 
flooding, surfactant injection, etc. Table 2.1 gives a good explanation of different 
EOR techniques based on reservoir characteristics. Al-Bahar et al. [2] have taken a 
sample from one of the Kuwaiti fields and have tested different EOR mechanisms to 
check how suitable each mechanism for different samples. Each of these techniques 
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has optimum reservoir criteria where it can be the most suitable technique to be 
used. In our study we have chosen water flooding, polymer , solvent , and surfactant 
injection and eliminated the rest for two reasons i) The reservoir characteristics are 
highly suitable for these kinds of techniques ii) These are the main techniques that 
need to be tested by the sponsor of the project (Kuwait Oil Company). This does not 
mean that other techniques can not be used but due to the limitation of the project 
we chose the main techniques to be analysed only 
 
 
 
Table 2.1: Criteria for each EOR process are listed below (Al-Bahar et al, 2004) [2] 
Waterflooding Carbon Dioxide Miscible 
Oil mobility > 0.1 md/mPa.s. 
Oil viscosity (at bubble point)<2000 
mPas. 
Oil saturation > 50% 
Current water oil ratio < 10 bbl/bbl 
No active water drive 
The condition of free gas/mobile water 
saturation: (1-Swc-So)
2 * (µo) < 0.5 
Current pressure/Initial pressure > 0.7 
Local or no gas cap present 
Reservoir temperature > 86 F 
MMP (Minimum Miscibility Pressure) < 
(original reservoir pressure) 
Oil gravity < 22 API 
Oil viscosity (at bubble point) < 10 mPa.s 
Oil saturation > 25 % 
Depth > 600 m 
 
 
 
 
 
Polymerflooding Hydrocarbon Miscible Flood 
Reservoir temperature < 158 F 
Oil viscosity (at bubble point) < 150 
mPa.s 
Oil saturation > 60% 
Current water oil ratio < 10 bbl/bbl 
Horizontal permeability > 50 md 
No active water drive 
Local or no bottom water 
Local or no gas cap 
Water hardness < 1000 ppm 
Water salinity < 100,000 ppm 
Depth > 1200 m 
Oil gravity < 24 API 
Oil viscosity (at bubble point) < 5 mPa.s 
Oil saturation > 30 % 
Local or no gas cap present 
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Alkaline/Polymer Flooding Nitrogen Miscible 
Sandstone formation 
Reservoir temperature < 158 F 
Oil viscosity (at bubble point) < 150 
mPa.s 
Oil saturation > 50% 
Oil gravity < 35 API 
Horizontal permeability > 50 md 
No active water drive 
Local or no bottom water 
Local or no gas cap 
Water hardness < 1000 ppm 
Water salinity < 50,000 ppm 
Depth > 1800 m 
Local or no gas cap present 
MMP (Minimum Miscibility Pressure) < 
(original reservoir pressure) 
Oil gravity < 35 API 
Oil viscosity (at bubble point) < 2 mPa.s 
Oil saturation > 35 % 
Initial pressure > MMP 
 
 
 
 
Surfactant/Polymer Flooding In-Situ Combustion 
Reservoir temperature < 158 F 
Oil viscosity (at bubble point) < 150 
mPa.s 
Oil saturation > 35% 
Horizontal permeability > 50 md 
No active water drive 
Local or no bottom water 
Local or no gas cap 
Low clay content 
Water hardness < 1000 ppm 
Water salinity < 50,000 ppm 
 
No fracture 
Local or no bottom water 
Local or no gas cap 
Net pay thickness > 3 m 
Depth between 150 and 1800 m 
Permeability > 50 md 
Oil viscosity (at bubble point) between 2 
and 5000 mPa.s 
Porosity > 18 % 
Oil content (porosity * oil saturation) > 
 0.065 
Alkaline/Surfactant/Polymer Flooding Steam Flooding 
Sandstone formation 
Reservoir temperature < 158 F 
Oil gravity < 35 API 
Oil viscosity (at bubble point) < 150 
mPa.s 
Oil saturation > 35% 
Horizontal permeability > 50 md 
No active water drive 
Local or no bottom water 
Local or no gas cap 
Water hardness < 1000 ppm 
Water salinity < 50,000 ppm 
Depth < 1400 m 
Permeability > 200 md 
Porosity > 20 % 
Net pat thickness > 6 m 
Current pressure < 1500 psi 
Oil viscosity (at bubble point) between 
50and 5000 mPa.s 
Local or no gas cap present 
No fractures present 
Oil transmissibility > 16 md-m/mPa.s 
Oil content (porosity * oil saturation) > 
0.065 
Immiscible Gas Flood  
Depth > 200 m 
Oil gravity < 13 API 
Oil viscosity (at bubble point) < 600 
mPa.s 
Oil saturation > 50% 
No active water drive or gas cap 
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2.1 Water Flooding 
 
Water flooding in heterogeneous and stratified oil reservoirs often yields only 
low average oil recovery (around 35%). Recovery with conventional injection 
systems is imperfect due to the incomplete sweep of the reservoir space, therefore it 
is logical to try to improve this recovery more efficiently. Oil recovery frequently 
involves the injection of fluids into oil field reservoirs in an effort to drive the oil 
toward the production wells. Various drive fluids including fresh water, re-injected oil 
field brines, polymer solution, carbon dioxide, flue gases and steam are used for this 
purpose. Reducing the mobility ratio between water and oil, especially by increasing 
the viscosity of the injected water to reduce and manage efficiently the water 
produced, is one of the most popular methods to enhance oil recovery. Significant 
water production is a serious problem in the petroleum industry. While this problem 
can arise for several reasons, water production from high permeability streaks or 
channels during water flooding operations is a common cause. Because of the 
permeability variations, the injected fluids tend to channel to zones of higher 
permeability, resulting in poor vertical conformance. The injected water thus 
bypasses the oil bearing zones and causes high water production. Excessive water 
production not only reduces the project economics by excessive water treatment and 
disposal cost but also can completely prevent the production from gas and oil wells, 
from which the production has become uneconomic. The need for effective water 
shutoff technologies in the oil industry will become more urgent in the future, as 
mature fields will be affected by increasing water cuts. Therefore, water should be 
reduced or completely stopped by the means of water shutoff [6]. 
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2.1.1 Problems Associated with Water Production 
 
The main problem of the excessive water production is the reduction of gas 
and oil production. The water can over take the oil and be produced faster. Also, 
water encroachment in oil or gas wells is responsible for increased operating costs 
due to the technical problems that can be associated with it like formation damage, 
erosion of the equipment, and high back pressure. Seright et al. [1, 7, 8] pointed out 
some of the similarities and differences between water shutoff activities in North 
America and Europe. Salt water production in the United States is more acute than 
anywhere else in the world (on average more than 7 barrels of water are produced 
for every barrel of oil). It is much more than this in some places like in Prudhoe Bay it 
is around 19 barrels water for 1 barrel of oil. Also, Seright et al [1, 8] stated that, in 
the United States alone, the water production in the petroleum industry is about 20 
billion bbl per year and the costs which attributed to it can reach 5-10 billion dollars. 
Khatib [9] and reported that, worldwide in 2001 over 210 million bbl/d (76 billion 
bbl/year) water was produced with average water cut of 75%; approximately 3 times 
the oil production. Also, in addition to the costs and the economic drawbacks, the 
following problems could occur with the water production [6]: 
 
• Due to the high back pressure which results from the water column, 
especially in gas wells, the reduction of well productivity and in the worst case 
the shut-in of the well could follow, 
• Increasing the water saturation in the vicinity of the well causes the increase 
of the relative permeability to water and reduces the relative permeability to 
gas and oil, 
• Increasing the formation damage by the build up of permanent water blocks 
in the wellbore vicinity, 
• Generation of emulsions of oil and water mixtures increasing viscosity and 
reducing flow, 
• The high increase of water production is often associated with sand 
production which causes the erosion of the equipment, 
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• Salt precipitation and plugging as a consequence of super saturation of 
brines, 
• Hydrate formation in gas producing wells, 
• Water production usually causes and accelerates the corrosion by hydrogen 
sulphide and carbon dioxide bearing gases on the production equipment, 
• The costs due to the additional power required for lifting of water columns, 
the costs to separate water from the oil or gas and the expensive 
requirements for treating water chemically, 
• Increased environmental protection costs. The present permitted limit of 
hydrocarbon in the waste water in the UK North Sea is 40 ppm, this demands 
high separator performance and more costs. 
• Often a problem with scale formation as injected and connate water have 
different salt contents, precipitation of barium sulphate is a big problem in 
some wells. [6] 
 
2.1.2 Sources and Mechanisms of Water Production 
 
Mennella et al. [10, 11] stated that in general the mechanisms by which water 
can arrive at a production well are (a) Water coning, (b) Global increase of the water 
oil contact, (c) Water arrives through a high permeability layer, and (d) Water arrives 
through one or more fractures that connect the aquifer to the well, see Figures (2.2 
a, b, c, d.). Dalrymple et al. [12] and Gawish [13] added, besides the above reasons; 
(e) The casing failure or the leak behind the casing due to a weak cement layer or 
the channeling behind the casing and (f) The perforation in the aquifer (g) Barrier 
breakdown (shale) during stimulation. 
 
Gruenenfelder et al. [14] showed that in many reservoirs the bottom water 
coning and the reservoir heterogeneity are responsible for early water breakthrough. 
This means the two major sources of excess water production are coning and 
channeling. Water coning is a common problem encountered when a reservoir is 
produced from bottom water drive mechanism. Fractures and high permeability 
zones are the common causes of premature water breakthrough during water floods. 
Also, when two or more layers of different permeabilities are producing together, 
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production is naturally promoted by the high permeability layers, after that water 
encroachment occurs which hinders oil production from the lower permeability layers 
[6]. 
 
Normally, the different permeability zones, channels and fractures are the 
reasons for reservoir heterogeneity. In most carbonate reservoirs, natural fractures 
and vugs provide an easy way for water to move toward the production wells. Also, 
reservoirs with strong bottom water drive are subjected to breakthrough of this water 
which reduces the oil production as the water moves into the bottom of the 
perforated interval. If a significant vertical permeability exists, the difference in flow 
potential causes water to flow into the wellbore. Joshi [15] showed that viscosity and 
density differences between injected and connate fluids can cause injection fluid 
fingering deep in the reservoir during the sweep process causing the water 
production. [6] 
 
          
Figure 2.2 a: Water coning (modified after Mennella et al., 1999) [10]. 
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Figure 2.2 b : Depletion of reservoir pressure causes an increase in water oil contact 
(modified after Mennella et al., 1999) [10]. 
 
   
  
 
    
Figure 2.2 c : Water arrives through a high permeability layer (modified after Mennella et al., 
1999) [10]. 
 
 
 
 
    
Figure 2.2 d : Water arrives through one or more fractures that connect the aquifer with the 
well (modified after Mennella et al., 1999) [10]. 
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2.1.3 Diagnosis of the Water Production Problems 
 
Knowing the cause of the water production is the important step to control the 
water production because the successful rate depends mainly on the correct 
diagnosis and then the application of the correct process. Pusch [16, 17, 18, 19] 
reported that a better diagnosis can help to select the appropriate remediation 
method, chemicals and to save time and money. Also he stated that, the new 
logging and wireline tools like cement bond log, production logs, NMR-logs, can help 
the identification of the sources of water influx. The information that can be very 
important to the correct diagnosis and successful treatment are [6]: 
 
• The reservoir recovery mechanism, 
• The variation of porosity and permeability in the reservoir, 
• The viscosity and density differences between the reservoir fluids and also 
between the reservoir fluids and the injected fluids, 
• Cement bonds logs, 
• Presence of shale intercalations or other vertical permeability barriers, 
• The reservoir inclination (dip), 
• Presence of natural fractures and /or high vertical permeability, 
• In bottom water drive reservoirs, the distance between the lower perforations 
and the water oil contact is very important to control the water coning. Many 
other important factors that controlling the coning are: 
o Oil viscosity; in heavy oil reservoirs, coning problems can be very 
severe than in light oil reservoir, 
o Density difference (Δρ = ρw - ρo); the higher the density difference, 
the lower the coning tendency and 
o Vertical permeability; the higher the vertical permeability, the higher 
the coning tendency [6]. 
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2.1.4 Prevention Better than Remedy 
 
Pusch [16, 17, 18, 19] stated that in natural water drive or water flooded 
reservoirs, water influx is elementary and unavoidable. However, horizontal and 
slanted wells can be used to delay the acceleration of water influx through 
heterogeneous formations. This because they have larger contact areas with the 
reservoir and therefore less depressurization giving higher productivities compared 
to vertical wells. Another preventive method is by the installation of downhole 
separators to exclude the mixing of oil and gas in the vertical production string to 
keep the bottomhole flowing pressure as high as possible. This can be achieved by 
pumping off the water through slimtubes. 
 
2.1.5 Main Water Shutoff Remediation and Treatment Scenarios 
 
As mentioned before water shutoff is defined as any operation that hinders 
water advance and entering the production wells. To solve this problem there are 
countless numbers of techniques which include; polymer and polymer/gel injection, 
different types of gel systems, organic/metallic crosslinkers, and a combination of 
these, mechanical solution, cement plug solution, Figures (2.3a, b, c, d) show the 
principle of chemical treatment [6]. There are very many other different mechanical 
and chemical methods for water shut off but there is no industry manual for process 
selection and design. Selection of the right treatment procedures depends mainly on 
many factors including: 
 
(a) Diagnosis of the source of the unwanted produced water, where it is exactly 
coming, 
(b) Formation types and permeabilities, 
(c) Formation fluid types and characteristics, 
(d) Treated well type; production or injection well and the conditions of each well 
and, 
(e) The treating costs for example, water shutoff treatments are less expensive 
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than polymer flooding because the volumes to be injected are small. 
According to the permeability of the reservoir, the remediation methods are 
subdivided into two groups [16, 17, 18, 19]: 
 
1- In high permeability formations: In stratified and naturally fractured reservoirs, 
massive gel treatments have been very successfully applied. Selectively blocking 
polymer/silicate gels have the advantageous of remaining soft in the presence of 
hydrocarbons and becoming hard in the presence of saline water. 
 
    Figure 2.3 a: Water coning before           Figure 2.3b: Water coning after                       
    polymer treatment (Moawad,2004) [6]     polymer treatment (Moawad, 2004) [6]. 
  
 
          
 Figure 2.3 c: Profile correction by polymer in heterogeneous 
             reservoirs before treatment (Moawad,2004) [6]. 
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 Figure 2.3 d: Profile correction by polymer in heterogeneous 
             reservoirs after treatment (Moawad,2004) [6]. 
 
 
This treating technology changes the heterogeneous reservoir into a more 
homogeneous and thereby diverts the displacing water into the high oil saturated 
regions.  
2- In case of low permeable rocks, gel technologies are less preferable. Strongly 
adsorbing polymers, which can be crosslinked on the surface of the rock (adsorbing 
weak gels) in oil and gas production zones, are recommended. 
 
2.1.6 Well Configuration and Well Completions 
 
Designing optimal well configuration, completions and replacements using the 
new technologies, beginning with the drilling techniques until the end of completion, 
has the capability to increase the oil recovery and reduce the water production. The 
strategies of drilling and completion options are numerous. Some of the basic 
concepts are: 
(a) Drilling a vertical well with open or cased and perforated completion either 
production or injection well, 
(b) Drilling a horizontal and/or deviated well, or perhaps multilateral wells, 
(c) Extending the use of an old well by re-perforating new productive zones. 
In multilateral applications, two or more horizontal wells could be drilled from a single 
parent main bore, enabling production from multiple reservoirs. These laterals may 
be also, horizontal, vertical, or deviated. 
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Consideration of the number of injection and production wells required to 
produce a field suggests the approach to selecting the optimum pattern and spacing. 
Different well pattern models, including line- drive, five, seven and nine spot, normal 
or inverted, could be developed for different well spacing under different well and 
reservoir conditions [6]. 
 
2.1.7 Mechanical and Cement Treatment 
 
When bottom water begins to dominate the fluid production, the perforations 
are sealed-off with a cement-squeeze, packer or plug. The well is re-perforated 
above the sealed zone, and oil production is resumed. This process is continued till 
the entire pay zone has been watered out. This method is one of the easiest ways to 
control water coning. However, these techniques require separated and easily 
identifiable oil and gas producing zones. Where possible, mechanical zone isolation 
by cement squeezes or plugging type gels can be the easiest way to shut off the 
water coning from watered out layers. Very often excessive water-cuts can be 
reduced by re-completing the well or by placing mechanical devices to isolate the 
water producing zones. These solutions however, are expensive and can cause loss 
of hydrocarbons [10]. Using squeeze cement alone is not sufficient. Because of the 
size of the standard cement particles restricts the penetration of the cement into 
channels, fractures and high permeable zones, only about 30% success is reported 
[6]. 
 
2.1.8 Cement/Polymer Treatment 
 
A combination treatment (cement/polymer gel) appears to be more effective 
than cement treatments alone. Generally, gel is first placed into the formation to the 
required lateral depth. Then, the near-wellbore channels are sealed with a tail-in of 
cement. Dalrymple et al. [12] concluded about a selective water control process 
(SWCP) which allows high concentrations of small particle size cement (10 times 
smaller than the conventional cement) in an oil based slurry containing surfactant to 
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penetrate deeply into high permeability micro-channels and fractures to shutoff 
water. The slurry provides an excellent water control treatment only, if it contacts 
mobile water. This system has been used in conjunction with polymers, cross-linked 
by metal cross-linkers to obtain a reduction of water without the problems associated 
with cross-linked polymer and used in many formation types; sandstone, fractured 
limestone, dolomite. The results reflect a net 164% increase in oil and 66% decrease 
in water production [6]. 
 
2.2 Polymer Flooding 
 
 One way to lower the mobility ratio in a waterflood is to lower the mobility of 
the drive water.  This can be accomplished by use of water-soluble, high molecular 
weight polymers in very small concentrations. These polymers including poly-
saccharides (e.g, Kelzan), polyethylene oxides (e.g. polyox), hydroxyethylcellulose 
(e.g. Natrosol) and polyacrylamides (e.g. Pusher). These polymers can lead to an 
increase in water viscosity with possibly a decrease in the relative permeability to 
water. [20] 
 
 Polymer flooding is likely to be effective in reservoirs with oil viscosities in the 
10-150 cp range, and where permeability variations are widespread.  Apart from an 
improvement in the mobility ratio, polymers have been highly effective in improving 
the injection profile, and hence improving the recovery indirectly through an 
improvement in the volumetric sweep efficiency. In terms of pore scale, polymer 
controls the fingering in the system and help to block the channels which improve 
the injectivity profile and from a large scale this lead to leave the oil in the open 
channels to be driven by the water injected. [20] 
  
 One important thing to mention is that in the past, polymer floods and gel 
treatment were often lumped together as a single technology. However, these 
processes have very different technical objectives.  The distinction between a 
mobility control process (like polymer flooding) and a blocking treatment (involving 
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crosslinked polymers or other gels) is an important concept to understand. For 
polymer floods and other mobility control processes, the mobility control agent 
should sweep evenly through the reservoir.  In other words, the polymer should 
penetrate as far as possible into the low permeability zones because that action 
provides the driving force for displacing and producing unswept oil. In contrast, for 
gel treatment, gel penetration should be minimized in less permeable, oil-productive 
zone. Any gel that forms in the oil-productive zones reduces the oil-displacement 
efficiency and retards oil production. [1]. In the next section, we will have a detailed 
explanation of the history of polymer flood and the main applications of this strategy. 
 
2.2.1 History of Polymers for Chemical EOR 
 
The first attempts to improve sweep efficiency in water flooding were made by 
Detling (1944) [6]. He patented a number of additives of high molecular weight 
including (polymer, glycol's, sugar, glycerin, molasses) to increase the viscosity of 
the injected water. Because of their lower cost, the water soluble polymers prevailed 
over other additives. Polymer flooding became an established method to enhance 
the oil recovery [6] after 1964 by the laboratory and field test development results by 
(Sandiford and Pye, 1964); (Mungan et. al.1966); (Gogart, 1967); (Maerker, 1972) 
[21, 22, 23, 24] 
 
Maitin and Volz (1981) [25] have stated that, in 1975 Deutsche Texaco AG 
initiated a polymer pilot flood in a part of the Oerrel-Süd field. The main objective 
was to plug off a zone of high permeability in the reservoir and hereby improve the 
areal sweep efficiency of flood operations. A second polymer project was brought 
into operation in a part of the homogeneous Hankensbuettel field in 1977. In 1978, 
Deutsche Texaco AG (DTA), West Germany, published early results on these first 
two polymer flood projects. Both floods are considered successful and polymer 
application was extended to larger parts of both fields. 
 
Littmann et al. (1992) [26] has reported about a polymer flood pilot project 
which had been performed in the Eddesse-Nord sandstone reservoir (Germany) with 
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intensive laboratory and simulation studies. As polymer flooding is the only chemical 
method that was technically and also economically feasible, a polymer pilot project 
was started in 1984 in the small oil field Eddesse-Nord. A xanthan-solution with a 
concentration of 800 ppm was injected. The polymer project can be regarded as 
successful and the incremental oil production was somewhat higher than the 
predicted 6% of the original oil in place. The xanthan produced in one well, after it 
had been injected in the reservoir for about three years, showed no degradation, 
neither chemical nor bacterial. 
 
Also, Pusch [16, 17, 18, 19] has published many articles representing 
intensive practical experimental and simulation work in this area with German and 
international fields, including the development of the polymer flooding process 
through the evaluation and contribution of the enhanced oil recovery to crude oil 
reserves. Finally, Lakatos (1998) [27, 28, 29] stated that, during the past few years 
attractive statistical data have been published which clearly prove the superiority of 
polymer treatment over extended chemical methods tested intensively all over the 
world. 
 
2.2.2 Polymer Types [Chemical Structure, Uses, Advantages and 
Disadvantages] 
 
There are two basic categories of polymers which are used in the field 
applications; Biopolymers and Synthetic polymers. Biopolymers include xanthan 
gums, hydroxyethyl cellulose, glucan, guar gum: all of high molecular weight, 
obtained from the fermentation of natural substances rich in glucides. Synthetic 
polymers include high molecular weight partially hydrolysed polyacrylamides 
(HPAMs); copolymers of acrylamide and terpolymers [6]. 
 
In our study we will be using synthetic polymer that works the best for 
naturally fractured reservoirs. It is less expensive and provides a higher residual 
resistance to drive water injection. It improves the fingering and plug the pores for a 
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better flood conformance. More details of this type and some other types are 
explained below to give an idea of why we preferred one type of polymer on another. 
 
2.2.2.1 A- Biopolymers [6] 
 
The polysaccharide bio-polymers which are used and applied in enhanced oil 
recovery for polymer flooding and water shutoff are formed from the polymerization 
of saccharide molecules (sugar). The main advantages of polysaccharide polymers 
include [6]: 
 
(1) The molecular structure gives a degree of rigidity or stiffness, this property 
provides an excellent resistance to mechanical breakage, 
(2) The viscosity is not affected by salinity, 
(3) Because of its high shear resistance and its strong shear thinning behavior; it can 
be pumped at a high flow rate with slight increase in the well head pressure. Shut-in 
times of the treated wells may thus be reduced. 
(4) These polymers with specially designed additives may be used for treatment up 
to 120- 130°C  
 
Disadvantages of biopolymers: 
 
(1) Expensive, more expensive than non-biopolymers. 
(2) Degradation by enzymes is common and usually results in a decrease in the 
solution's viscosity, 
(3) Extreme care must be taken to prevent bacterial attack, so oxygen scavenger 
and biocide (formaldehyde) should be added to avoid polymer degradation, 
(4) Most of the bacteria attack bio-polymer is of "Pseudo-monad type". They produce 
cells of 1 micron diameter and about 4 microns long. They are larger than polymer 
and cause formation plugging at the injection well [6]. 
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2.2.2.2 B- Polyacrylamides [6] 
 
Polyacrylamide is obtained by polymerization of the acrylamide monomer. 
Through hydrolysis, some of the acrylamide monomers are converted to carboxylate 
groups with a negative charge.  
 
Polyacrylamides have the following advantages: 
 
(1) The long molecular chain with a small diameter, in solution with fresh water, 
eases the flow through the reservoir. It reduces fingering which makes the fluid easy 
to be driven in channels. 
(2) Less expensive than biopolymers 
(3) Providing higher residual resistance to drive water injection, 
(4) More widely used in the field than polysaccharide as water mobility control agent, 
(5) It is relatively resistance to bacterial attack, 
(6) It is successfully used as a sulfonated polyacrylamide under the North Sea 
conditions (temperature, 90°C and brine sea water). 
(7) Polyacrylamide is used successfully for water control in four horizontal wells in 
western Canada. It is found that PAM not only reduces the water production but also 
reduces the sand production. In addition to that, it is a good clay stabilizer so it is 
very useful in unconsolidated sand reservoirs [6]. 
 
Polyacrylamides have the following disadvantages: 
 
 (1) The hydrolyzed polyacrylamide (HPAM) solution is sensitive to salts and must be 
prepared with fresh water, 
(2) The hydrolyzed polyacrylamide (HPAM) is susceptible to the presence of oxygen, 
which is a source of instability and chemical degradation, 
(3) The high temperature (> 158 F) causes the chemical degradation, 
(4) The molecule is flexible and susceptible to mechanical degradation, so it may be 
broken, especially at high velocity and temperature conditions, 
(5) Oxygen scavenger and biocides (formaldehyde) need to be used, 
(6) Unlike a bio-polymer, the polyacrylamide molecule is very flexible. It is very long 
with a relatively small diameter which makes the polymer susceptible to mechanical 
breakage or shear degradation. 
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2.2.2.3 C- Co- and Terpolymers [6, 30] 
 
Copolymers and also terpolymers are synthetic polymers. Ranjbar et al. [30] 
reported the study of a copolymer and two types of terpolymers: Copolymer is a vinyl 
sulfonate/acrylamide copolymer provided by SNF Floerger,  
Terpolymers have the following advantages: 
1- Terpolymers have excellent solubility in and compatibility with all types of 
reservoir brines and good thermal stability up to 150°C. 
2-They have high shear resistance and excellent injectability even in low 
permeability cores (< 0.1 μm2) high salinity (340 g/l) and high temperature (> 80°C). 
3- Water control treatments based on adsorption of terpolymers in production wells 
are selective (water permeability is reduced without affecting gas permeability). A 
comparison between advantages and disadvantages for polyacrylamide, 
hydroxyethylcellulose, biopolysaccharide, co- and terpolymers is listed in Table 2.2 
 
Table 2.2: Comparison between different types of polymers (Jacob M, 2003) [31] 
Type Advantages Disadvantages 
PAM : Polyacrylamide      
( Partially hydrolyzed ) 
- High yield in normal  
water 
- High injectivity 
- Not salt resistance 
- Shear sensitivity 
- O2 sensitivity 
Hydroxyethylcellulose 
(HEC)                            
- High solubility 
- Resistance salt 
- pH sensitivity 
- Fe+3 sensitivity 
- Low temperature 
resistance 
- No structure viscosity 
Biopolysaccharide      
(Xanthan, cleroglucan) 
- High yield in salt water 
- Shear stable 
- Temperature Stable 
- Low adsorption value 
 
- Problem of injection 
- Bacteria Sensitivity 
- O2 sensitivity 
- High cost 
Co- and Terpolymers - High solubility 
- Salt resistance 
- Temperature Stable 
- Shear stable 
- O2 sensitivity 
- High cost 
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The disadvantages of terpolymers are represented in their sensitivity to redox 
systems. Their thermal stability decreases with increasing oxygen content in storage 
vessels. 
 
2.2.3 Reservoir Selection for Polymer Flooding 
 
There are several guide lines which could be considered to select a specific 
reservoir as a candidate for polymer flooding, these including [6]: 
 
• Polymer flooding is good when the existing mobility ratio is high. 
• If the existing water flood is performing poorly for reasons other than mobility ratio 
or permeability variation, the polymer flood is unlikely to solve the problem. 
• If the high water-oil ratio is due to water coning, high permeability zones, high 
viscosity oil, the use of polymer should be economically attractive. 
• Fluid injection should approximately equal the fluid production. If there is a 
significant unbalance, polymer will be wasted filling up gas cap or other void zones. 
• The existence of the extensive aquifers would also lead to loss of polymer. So, 
large gas cap areas and extensive aquifers should be avoided 
• In high fractured or vugular reservoirs, these formations allow polymer to bypass 
without decreasing the mobility in the porous media. 
• Reservoir temperature should be low, because polymer solutions degrade 
noticeably at the elevated temperatures, losing their effectiveness. 
• The mobile oil saturation must be high to give economic potential for polymer 
injection. 
• Very low porosity, high recovery from primary or secondary operations or high 
residual oil saturation affects the polymer efficiency. 
• Water drive reservoirs which had little or no water production initially are good 
candidates for polymer flooding. 
• Other important reservoir characteristics are: (a) Reservoir depth which is critical 
only when related to reservoir temperature. (b) Reservoir pressure is not critical if it 
permits the injection pressure to be less than the formation fracture pressure and not 
required expensive pumping equipment. (c) Porosity must be medium to high to 
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assure a good storage capacity. (d) High absolute permeability of the reservoir is 
considered to be good. Low permeability causes high injection pressure. High 
permeability gives higher recovery with conventional water flooding without polymer. 
(e) Permeability variations in the reservoir and heterogeneous reservoirs are good 
candidates for polymer flooding. 
 
Other reservoir fluid characteristics such as (a) Oil viscosity that directly 
controls the water oil mobility ratio. High viscosity oils can be recovered by thermal 
methods. Low viscosity oils can be recovered by conventional water flooding. (b) 
High pH swells polymer (polyacrylamide), and low pH shrinks polymer. (c) The water 
oil ratio at the start of the project should be low. 
 
2.2.4 Main Primary Factors Affecting the Success of Polymer 
Flooding: 
2.2.4.1 A- Reservoir heterogeneity 
 
The reservoirs are never homogeneous. In enhanced oil recovery processes, 
the variation of the reservoir permeability is a significant factor. The permeability 
variations and fractures can affect and reduce the ultimate recovery. And cause the 
variation of the fluid invasion in vertical and in horizontal directions. These variations 
can be represented by [6]: 
 
(1) Vertical sweep efficiency (Invasion efficiency): when the injected fluid has 
no regular front in the vertical plane. This can be defined as the cross-sectional area 
contacted by the injected fluid divided by the cross-sectional area enclosed in all 
layers behind the injected fluid front. Vertical sweep efficiency is a function of 
reservoir characteristics, fluids properties, and gravity. 
. 
(2) Areal sweep efficiency: the variation in the horizontal plane causes 
injected fluid to advance at an uneven rate. So, the injected fluid can reach the 
producing well before a proportional area of the reservoir has been contacted. The 
measure of this variation is denoted as the areal sweep efficiency which defined as, 
the areal fraction which has been contacted at the time of breakthrough. Areal 
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sweep efficiency is a function of the reservoir characteristics and the well locations of 
the injection and production wells. 
. 
(3) Volumetric sweep efficiency: this is a measure of the three-dimensional 
effect of the reservoir heterogeneities. It is a combination of the effects of the areal 
sweep efficiency and the vertical sweep, or it is the pore volume contacted by the 
injected fluid divided by the total pore volume of the reservoir. Polymer can reduce 
the detrimental effect of permeability variations and fractures and thereby improve 
both the vertical and areal sweep efficiency. 
 
(4) Because reservoirs are highly heterogeneous and we have limited 
sampling there is a great deal of uncertainty in reservoir architecture. This means 
that the recovery strategy may be sub-optimal for the actual reservoir (even if it is 
optimal for the reservoir model). 
 
2.2.4.2 B- Mobility ratio control [6] 
 
 
Mobility ratio is a main factor affecting the flow efficiency, even in the absence 
of reservoir heterogeneity. In any given reservoir, the higher the mobility ratio, is the 
lower the recovery efficiency. The mobility ratio concept is defined by Craig (1980) 
[32] as “the mobility of the displacing phase divided by the mobility of the displaced 
phase in the reservoir”. 
 
The mobility of a fluid is defined as the permeability of the media to that fluid 
divided by the viscosity of that fluid. 
 
                  Water mobility = 
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Mobility ration in water flooding is often taken as the frontal mobility ration which is 
the mobility ratio at the shock front. See Figure 2.4 below 
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 Figure 2.4 : Mobility Ratio for water flooding 
 
For the mobility ratio the following must be involved: 
(1) If the mobility ratio is one or less, the displacement of oil by water will be 
efficient in a piston-like mode, 
(2) If the mobility ratio is greater than one, the more mobile water will finger 
through the oil leaving it in place in the reservoir,  
(3) Because the flow takes place under the same pressure gradient, so the 
flow velocity is the same in the water swept zone and in the oil bank zone only 
when ; 
  = o  or (   / o ) = 1                                           (2.2.4) 
 
(4) The relative permeabilities are not constant because they depend on the 
fluid saturation. Accordingly, as the oil is displaced, the effective permeability 
of oil decreases and the mobility ratio increases. A common practice is to 
define the mobility ratio using effective water permeability at residual oil 
saturation and the effective oil permeability at interstitial water saturation. 
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2.2.5 Theory: Polymer EOR [6] 
 
From the literature survey, the following polymer treatment mechanisms have 
been summarized: 
 
2.2.5.1. A-Hydrophylic film theory: 
 
Polymers can be adsorbed onto the rock matrix and remain there as a film 
that attracts water. This film attracts the water causing the slow-down of water 
movement; on the other side oil and gas are repulsed, causing them to flow in the 
center of the pores. This means, the polymer film creates a frictional force for water 
to overcome the flow of oil or gas, Figure 2.5. 
 
   
  Figure 2.5 : Principle of polymer treatment (polymer adsorption) (Moawad,2004) [6] 
                      
2.2.5.2. B-Dynamic entrapment theory: 
 
The molecular weights of polymers normally range from one to several millions 
and the chains are extremely long. They tend to be in the helical form but they 
become elongated when sheared by pumping through a porous medium to conform 
the flowing paths. When the polymer solution is injected into the formation, it flows at 
a relatively high rate through pores to nearest the wellbore. As the solution continues 
deeper into the formation in a radial flow pattern, flow velocity reduces and the 
polymer relaxes and resumes its coiled shape. When the well is put on production, 
coiled polymer molecules bridge in the pore throats and resist water flow while, oil 
and gas will cause them to shrink. Therefore, water production is decreased 
whereas oil or gas production is unaffected. A natural consequence of this theory is 
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that polymer within the first foot or so around a wellbore is ineffective, since the 
shear rate of produced fluids will be high enough to cause the molecules to elongate. 
The most effective polymer will be beyond 5 ft from the well-bore. Also we should 
point out that polymer molecule configuration depends on pH temperature, salt 
concentration as well as shear rate. [6] 
 
2.2.5.3. C-Physical plugging theory;  
 
Many of the different multivalent ions such as calcium and magnesium ions are 
very reactive with polyacrylamide molecules causing them to tie together to make a 
double molecule or may be with several polymer molecules causing a crosslinked 
polymer with a molecular weight in the billion range. When this occurs, the polymer 
is no longer soluble in water and acts as a solid plugging material in the formation, 
as a result, water is prevented from moving through the pores, Figure 2.6 Gels 
prepared by crosslinking water soluble polymers have been become popular for 
profile control of injection wells for fluid diversion or for treatent of water coning 
problems in producing wells. These procedures have lower costs and shorter payout 
times than full scale polymer flooding. 
 
                                     
Figure 2.6: Principle of polymer treatment (Gel crosslinked adsorption) (Moawad,2004) [6] 
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2.3 Solvent injection (CO2) 
 
One of the most important methods in EOR is gas flooding using gases like 
flue gas, carbon dioxide, nitrogen, and hydrocarbon gases. Carbon Dioxide (CO2) 
injection is considered as one of the most important methods that have a great 
potential for improved oil recovery from light to moderately light crudes [33, 34]. 
 
CO2 flooding is an effective and proven technology in EOR. It has received a 
lot of interest not only because it increases oil recovery, but also because it also has 
the potential to sequester carbon dioxide that would normally be released to the 
atmosphere. Recovery by this process can be extremely high when miscibility is 
achieved. The solvency power of CO2 eliminates (or reduces to very low levels) the 
interfacial tension with oil, thus it can displace most of the residual oil left in pore 
spaces in the reservoir. 
 
Despite their success and favourable characteristics for enhanced oil 
recovery, CO2 floods frequently experience poor displacement and sweep 
efficiencies augmented by reservoir heterogeneity. These two factors lead to a 
reduced oil recovery. Miscibility may not be achieved because of limits on the 
reservoir pressure particularly in shallow reservoirs. This reduces the displacement 
efficiency. [4] 
 
On the other hand, sweep efficiency is normally low because only a small 
portion of the reservoir is contacted by CO2. Some known causes include gas 
fingering, gravity override and lower-than expected injectivity. Poor sweep efficiency 
increases the volume of gas required for flooding and this can make a project 
unprofitable. It can be improved by water alternating gas (WAG) injection process 
and to a lesser degree by the use of foams. The industry will greatly benefit from any 
technique that helps optimize the recovery. [4]. 
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2.3.1 CO2 and Oil Interactions 
 
 
When CO2 gets injected under high pressures into depleted reservoirs or 
saline aquifers, most of it remains under supercritical conditions. However, some of it 
dissolves in the static water and oil as well as reacting with the rocks that contain 
these fluids. The success of the CO2 flood is largely governed by the interfacial 
interactions that include the interfacial tension (IFT), wettability and dispersion. The 
distribution of fluids and their flow behaviour in porous media is governed by those 
interactions.  
 
The crucial benefits of CO2 flooding come from the interactions between CO2 
and oil. The solubility of CO2 in oil reduces oil viscosity and causes oil swelling. This 
solubility is a function of oil composition, pressure and temperature [33, 35, 36]. It 
increases with pressure and decrease with temperature as the fraction of 
intermediate hydrocarbons increase, notably C5 through C12 fraction. The solubility 
of CO2 with oil can however be detrimental to the recovery process if asphaltenes 
are formed. 
 
 Reservoir oils contain a range of hydrocarbons including asphaltenes and 
asphalt. During miscible hydrocarbon or CO2 flooding, the contact between the 
solvent and oil may cause changes to the oil equilibrium conditions. One notable 
change is precipitation of asphaltenes (37, 38). This means asphaltene content in 
the crude oil is a property that must be determined prior to a miscible flood 
implementation. Usually this is done in a visual cell, where the effect of adding CO2 
to oil at reservoir temperature and pressure can be easily observed.  
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If asphaltene precipitates, corefloods should be performed to confirm whether 
asphaltene causes plugging or it is dispersed and easily passes through the phases. 
If it is easily dispersed, the asphaltenes precipitation may not be severe. But on the 
other hand, if it is deposited on a larger continuous scale, there could be a severe 
reduction in permeability (and thus flow) and the ultimate recovery (i.e. monetary 
losses). It could also be detrimental to surface and subsurface facilities [38, 39]. 
Change of wettability, which affects the flood performance, can also occur as a result 
of asphaltene precipitation. Other issues faced by operators because of asphaltenes 
include formation damage and wellbore plugging [40, 41, 42]. 
 
 Because of its effects on the flood performance and recovery, several studies 
have targeted asphaltene deposition during miscible flooding to understand its 
causes and suggest some remedial solutions. The mechanism by which asphaltene 
formed is not very clear, although many suggest it is due to changes that take place 
in the reservoir pressure, temperature and oil composition [38, 39].  
 
Some factors that one must account for when studying this phenomenon 
include formation water composition, containments in injected gas and asphaltene 
content in oil. As prevention is better than cure, operators need not to underestimate 
the issue of asphaltene formation. The best remedial action operators can undertake 
is to determine whether asphaltene will be formed during the flood and if so when 
and how much they should expect. Some models have been specifically designed to 
predict the extent of this precipitation [43, 44]. 
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2.3.2 Flooding Mechanisms 
 
The process of CO2 flooding can be broadly classified as being either miscible 
or immiscible depending on the injection pressure. However, it is not very easy to 
judge what process is taking place in the reservoir, as miscibility could be lost (see 
later in miscible floods). The process may fluctuate between miscible and immiscible 
during the life of the process [45]. Some notable differences between the two 
processes are applicability, recovery mechanisms and recovery efficiency. Most 
floods in the 1950s and 1960s were immiscible but the trend then shifted in favour of 
miscible floods [46, 47].  
 
Determination of whether miscibility can be achieved or not and whether the 
reservoir is a good candidate or not needs to be evaluated carefully. Available 
screening methods should be used. However experience, which is the most 
important element in EOR projects, should have the final say. Some technical 
aspects involved in the selection method include depth, reservoir pressure and 
temperature, oil composition and oil gravity. However, there are non reservoir related 
issues that need consideration as well. These include availability of gas, incremental 
cost of gas compression and surface facilities. [4] 
 
 
 
 
 
 
 
 
 
 
 51 
 
2.3.2.1 Immiscible Floods 
 
 Immiscible CO2 flooding process is rarely used nowadays, especially if 
compared to the miscible one. In this process, CO2 is injected at pressures below its 
minimum miscibility pressure (Minimum Miscibility Pressure is the minimum pressure 
needed to make the gas dissolve into the oil) which determined based on reservoir 
temperature and bubble point pressure. (i.e. CO2 displaces oil immiscibly, similar to 
water flooding process does) and hence two phases will form. The microscopic 
displacement efficiency, ED is generally much lower than unity. The process helps 
increase the recovery through different mechanisms. The main oil-recovery 
enhancement in this process is viscosity reduction. Diffusion of CO2 into the crude oil 
is a more important process in the immiscible flooding displacement process. This 
phenomenon is responsible for oil viscosity reduction and oil swelling effect, which 
result from the mass transfer between the crude oil and CO2 [3]. When combined 
with water alternating gas (WAG) mode, CO2 and water are injected alternately until 
a predetermined amount of CO2 is injected, after which water is injected 
continuously. This water drives the oil (now with lower viscosity) resulting in a water-
flood like process but with an improved mobility ratio and higher recovery. However, 
because injection pressures are lower than the minimum miscibility pressure, 
immiscible floods yield a lower recovery when compared to miscible processes. This 
process best suits reservoirs with oils that are too heavy for miscibility. In broad 
terms, this means crudes in the range of 10 to 25 degrees API. Bati Raman field in 
Turkey is the world‟s largest and most successful immiscible flood, with estimated 
1.85 billion stock tank barrels (STB) initial oil in place (IOIP) [48]. With its 
unfavorable fluid properties (low 12o API gravity, high 592 cp oil viscosity and low 
solution gas), enhanced oil recovery option was an incentive especially by knowing 
that its primary recovery was no more than 1.5%. Its immiscible CO2 flooding 
process commenced in 1986, with Dodan gas field being the source for the injected 
gas [48]. 
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2.3.2.2 Miscible Floods 
 
 Miscibility is defined [35] as the ability of two or more fluids (i.e. liquid and/or 
gas) to form a single homogeneous phase without an interface between them when 
mixed in all proportions. The effectiveness of displacement results primarily from 
miscibility between displaced and displacing fluids. If CO2 mixed with oil it will still be 
immiscible with water. One can distinguish miscibility from solubility is that the latter 
is the ability of two fluids to mix but up to a certain proportion only. When CO2 is 
injected into a reservoir, it mixes with the oil and they form a single phase (in 
comparison to two phases as in immiscible floods as explained earlier). Initially, 
there will be a sharp interface between them but then they will slowly diffuse into one 
another, until the interface completely disappears (provided full miscibility is 
achieved). The diffusion phenomenon comes from the random motions of the 
molecules [49].  
 
The process of miscibility formation can be described as follows: The solvent-
rich CO2 front is formed from the extracted hydrocarbons. It miscibly displaces oil 
and it in turn is miscibly displaced by a newly injected CO2. A solvent bank is formed 
after the CO2 has moved some distance through the reservoir via the multiple 
contact extractions that take place between the gas and oil. When dispersion breaks 
down the bank, newly injected CO2 extracts more hydrocarbons to re-establish the 
miscibility. If enrichment and/or pressure fall below a minimum level, then full 
miscible displacement is lost. Hence some residual oil is left behind along the 
displacement path [36] 
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2.3.3 Criteria for the Application of CO2 EOR methods 
 
The design and implementation of enhanced oil recovery (EOR) projects is a 
task that requires careful decision-making. The high costs associated with these 
projects imply that a reservoir should be screened for its compatibility prior 
implementation. When considering reservoirs suitable for CO2 process (miscible or 
immiscible), one needs to consider important parameters like depth, viscosity, 
temperature and API gravity. However, the selection is dependent on more 
parameters then these. 
 
Generally there are two methods used to investigate the applicability of CO2 
flooding. One is based on binary evaluation and second on economical merits. The 
first is where an analogue model is developed and the reservoir properties are 
compared to those in the model. If it fails a single criterion, then in theory, the 
process considered is inapplicable [47]. This requires careful review performance of 
better performing CO2 floods. In the economic evaluation method, a simple model is 
developed, which is used to estimate incremental oil recovery and associated costs. 
This can then be used to determine the economics for that particular reservoir and 
whether the process is economic or not. The following, Table 2.3, gives criteria for 
CO2 EOR applicability as a miscible or immiscible solvent. 
 
 Table 2.3: for the Application of CO2   Enhanced Oil Recovery Methods (Klins, M.A, 1984) 
[47] 
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In general, CO2 miscible process best suits reservoirs with oil gravity between 
25o and 45o API since they contain sufficient quantity of extractable hydrocarbons 
[36]. Reservoirs not considered for CO2 flooding are those with low fracture 
pressure, poor injectivity or extreme heterogeneity [50]. 
 
2.3.4. WAG as an  EOR method 
 
Water alternating gas or WAG is the main mechanism used to control mobility 
and flood conformance for improved light oil reservoirs. It also serves as a way of 
reducing the cost of CO2 purchased by not having a continuous gas injection. The 
process was initially proposed by Caudle and Dyes in 1958, a schematic of the 
process is shown in Figure 2.7 below. 
 
        
Figure 2.7 : Schematic of the WAG Process (Reproduced by Kinder Morgan Co.) (AlKindi) 
[4] 
 
WAG is a short cycle in which defined ratios of water and gas are injected in 
alternation. It is intended to use the high microscopic displacement efficiency of gas 
with the better macroscopic (volumetric) sweep efficiency of water to help 
significantly increase the incremental oil production over a plain waterflood. Normally 
it is applied in miscible floods (over 75% of miscible floods employ WAG) and its 
applicability extends from very low permeability chalk rocks to high permeability 
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sandstones [51] as shown in Fig 2.8 and Fig. 2.9 Some major design issues for the 
WAG process include WAG ratio, injection well patterns and composition of injection 
gas, though the full-field scale of reservoir heterogeneity and rock and fluid 
compositions also affects the process. 
 
 
Figure 2.8 : Miscible/Immiscible WAG Applications, Total of 59 Projects (Christensen, J R, 
1998)  [45] 
 
 
The WAG ratio -as the name implies- is the volume of water to the volume of 
gas injected. Usually it is determined by the availability of water as well as the 
wetting phase of the reservoir [52] and the optimal WAG ratio is calculated from the 
fractional flows. When it is injected, water fills high permeable channels and stops 
CO2 from flowing through them, thereby reducing channeling. Also, because a new 
mobile phase is now added, the relative permeabilities to the fluids will change. This 
helps reduce the mobility of CO2 and reduces fluid crossflow. However, this requires 
very frequent WAG cycles. Water will travel in some portions of the reservoir, 
blocking oil from being contacted by CO2, and hence causes loss of sweep. Another 
problem with WAG application is the density differences between water and CO2. 
When the density difference is appreciable, gravity tends to separate the two fluids.  
 
 56 
This separation makes water less effective in preventing growth of fingers, 
crossflow and gravity override of the injected CO2 [36]. Because water displaces oil 
immiscibly, a residual CO2 saturation will be left in the reservoir. This saturation 
should be accounted for when determining the total amount of CO2 required for the 
process. 
       
Figure 2.9 : Reservoir Types where WAG Injection has been Applied, Total of 59 Projects 
(Christensen, J R, 1998) [45] 
 
The technique has been applied extensively in the fields. However, field tests 
and applications have not demonstrated the beneficial mobility control effects of 
WAG [33]. For example, it failed to prevent fingers and improve the mobility and the 
overall reservoir conformance of a CO2 flood [51]. In addition, the injected water 
dissipates the solvent bank and hence breaks the continuity of the extraction 
process. Another shortcoming of WAG cycles is that they add to the time required to 
inject the total volume of CO2. The bottom line is the volume of injected water should 
be kept minimum (i.e. low WAG ratios) [36, 53]. 
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Normally, WAG ratio is reduced through a process known as tapering. As the 
flood progresses, this ratio is decreased and hence controls gas mobility and 
prevents early breakthrough. This process is increasingly important when an 
expensive solvent that requires recycling is used. 
 
Other types of WAG include hybrid WAG. In this technique, initially CO2 is 
injected continuously to produce oil as early as possible. Then normal WAG is 
started to minimize CO2 breakthrough at the producers. The DUWAG (Denver Unit 
WAG) is a patented method of Shell and has been employed at the Denver Unit. It 
has the advantages of both conventional injection schemes (i.e. WAG and CO2 Gas 
Injection (CGI)). It combines higher EOR response of CGI and higher sweep of WAG 
(Tanner et al., 1992). The Hybrid WAG, a patented method of Unocal Corp., is 
similar to DUWAG. It was employed at the Dollarhide Devonian Unit and showed 
better results over conventional WAG and CGI [54]. 
 
The discussion above clearly shows that in most reservoirs, control of the 
injected CO2 and improved flood conformance will continue to be a major objective. 
Although the process is widely practiced and significant research efforts have 
provided with a better understanding of the process, there are some concerns that 
need more studies. WAG has not lived up to its expectations, with poor incremental 
tertiary recoveries in the range of only 5 –10% oil originally in place (OOIP) [45]. The 
reduced injectivity associated with WAG is a concern that requires more attention 
and remedial solutions. The industry will also benefit from any work involving the 
change of WAG ratio during the process and investigate its effects of the recovery. 
Any improvement in channeling reduction and reservoir volumetric sweep will 
improve CO2 utilization. Timing of WAG is also a factor that could be optimized by 
changing its implementation. Another aspect associated with WAG is water salinity. 
The effects of changing the brine composition need to be quantified. 
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2.4 Surfactant and Chemicals Flooding [6] 
 
 Surfactant recovery systems are being investigated by the petroleum industry 
as a means of increasing the petroleum supply.  Commercial application of any 
surfactant flooding process relies upon economic projection that indicates a decent 
return on investment. 
 
 Surfactants are a special class of molecules that are both hydrophobic and 
hydrophilic.  This unique property allows them to position stably at the oil-water 
interface, thus displacing molecules of immiscible oil and water away from the 
interface with the overall result being a decrease in the oil-water interfacial tension. 
Alkaline flooding is a subset of surfactant flooding, where by the surfactants in 
question are generated in-situ through the reaction between organic acids in the oil 
and the injected alkaline solution. During immiscible displacement in conventional 
water flooding, residual oil exists as continuous ganglia, trapped by capillary forces.  
Reduction in the oil-water interfacial tension can lead to higher capillary numbers 
and improved oil recovery.  The influence of surfactants can also lead to 
emulsification of the fluids and possible alterations in wettability. [6] 
 
 In conventional oil systems, wettability alteration from water wet to oil wet 
conditions can lead to changes in the oil relative permeability behaviour and oil 
production at very low saturations through film drainage. Challenges for field 
applications of chemical injection usually revolve around loss of chemical to the rock 
surface [6]. 
 
 There have been several successful laboratory studies performed for 
chemical injection (alkali, surfactant, or AS) into heavy oil systems. Some of the 
recovery mechanisms proposed have been reduction in the oil-water interfacial 
tension [6]. The fact that various researchers have identified different oil recovery 
mechanisms points to the complexity of interpreting these chemical floods. 
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 The key to understanding how heavy oil can be recovered through chemical 
injection is to consider the state of these reservoirs at the time of the injection.  In 
heavy oil reservoirs, the oil that is un-recovered at the end of waterflooding was 
bypassed due to the adverse mobility ratio between oil and water.  As a result, this 
oil is still continuous and capable of flow, although the flow rates will depend on the 
applied pressure gradients and the permeability of the rock. A simple reduction in oil-
water interfacial tension, similar to mechanism proposed for conventional oil 
enhanced oil recovery, will not be effective in displacing the oil.  Rather, the injected 
chemical must somehow be improving the mobility ratio between the oil and water, 
thus giving a more stable displacement of oil to the production wells. [55] 
 
2.4.1 Alkaline Surfactant processes [56] 
 
 Nelson et al. (1984) [24] proposed injection of a solution containing both 
surfactant and alkali for EOR. Such processes have attracted and continue to attract 
considerable interest. They have been labeled by different names but will be 
collectively described here as alkaline surfactant processes. [24, 57, 58, 59] 
 
 The primary role of the alkali in an alkaline surfactant process is to reduce the 
adsorption of the surfactant during displacement through the formation and 
sequester divalent ions.  An additional benefit of alkali is that the soap is formed in 
situ from the naphthenic acid in the crude oil [60]. As indicated previously, the 
presence of soap allows the surfactant to be injected at lower salinities than if used 
alone, which further reduces adsorption and facilitates incorporation of polymer in 
the surfactant slug.  Also, alkali can alter formation wettability to either more water-
wet or more oil-wet state. In fractured oil-wet reservoirs, the combined effect of alkali 
and surfactant in making the matrix prefentially water-wet is essential for an effective 
process. These benefits of alkali will occur only where alkali is present. Thus it is 
important to determine “alkali consumption" which controls the rate of propagation of 
alkali through the formation. 
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2.5 Reservoir Simulator (Eclipse 100)  
 
 Reservoir simulation is a form of numerical modelling which is used to 
quantify and interpret physical phenomena with the ability to extend the analysis to 
project future performance. It provides a numerical solution to a set of equations 
describing the fluids behaviour and transport within a sub-surface reservoir .The 
process involves dividing the reservoir into a number of discrete units in three 
dimensions and modelling the displacement of reservoir fluids and properties 
through space and time in a series of discrete steps. 
 The black oil simulator (Eclipse 100) assumes that water, oil, and gas phases 
can each be represented as one component through time. The properties of this 
component can change with pressure and temperature, but the composition does 
not change. However addition of active tracer component such as polymer or 
surfactant can alter the water phase properties as well as interactions between the 
phases. 
 The Eclipse compositional simulator tracks each component of the oil and gas 
in the reservoir (C1-methane, C2-ethane, etc), as well as water component making 
up the aqueous phase (e.g. dissolved gas component) This method is used to model 
fluids where changes in temperature and pressure of the compositional system can 
result in changes in phase behaviour.  
 
When using Eclipse, a few things should be kept in mind because Eclipse is a 
numerical representation of the reservoir. These include: 
 
 The model is not identical to the reservoir, it is a numerical representation. 
 Model performance depends on data quality and quantity 
 The model reflects the reservoir behaviour only if it is accurately represented 
 Data must be validated 
 Data modification must be physically viable and justified 
 61 
 
Also we should point out the reservoir and its simulation can be different due to 
different reasons which include: 
 Input data are uncertain 
 Reservoir processes and characteristics may be unknown 
 The simulation software may be unsuitable to modeling certain process. 
 Also a numerical model solves continuous differential equations by 
discretizing them. The accuracy of solution depend on the discretization, in 
particular the grid size. The finer the grid size, the more accurate the results. 
2.5.1 Modelling of Polymer Flooding [61] 
 
When a polymer solution is injected into the reservoir some molecules are 
adsorbed onto the rock surface. It is an excellent method to block the regions with 
high water production as well as improving the saturation profile by adding a high 
soluble polymer to the injected water, thereby increasing the water solution viscosity. 
This provides a better oil-water mobility ratio. Mechanical entrapments of large 
molecules in small pore throats may occur. Another effect caused by adsorption and 
entrapment process is a reduction in relative permeability of the polymer solution. 
This can happen due to the interaction between the polymer solution and the 
polymer retained by the rock. [61] 
 
In Eclipse 100, the polymer injection is modeled as a soluble component in 
the water phase.  The water and polymer conservation equation are [61]: 
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Where  
S : Saturation, P: Pressure, B : Formation Volume Factor, ρ: Density,  
 : Porosity,  *: Porosity available to polymer, K  : Absolute permeability] 
Kr : Relative Permeability,  : Viscosity, g  : Gravity acceleration, Z  : Depth in the 
reservoir  
Cp : The free flowing polymer concentration,
a
p
C : Rock adsorbed polymer 
concentration 
kR : Relative permeability reduction factor to polymer adsorption 
ω: Water, ρ: Polymer, r: Rock  
 
The model makes the assumption that the density and formation volume 
factor of the aqueous phase are independent of the local polymer and sodium 
chloride concentrations (e.g. highly diluted component therefore non-volume 
occupying components). The polymer solution, reservoir brine and the injected water 
are represented in the model as miscible components of the aqueous phase, where 
the degree of mixing is specified through the viscosity terms in the conservation 
equations. [62] 
 
As the polymer solution flows through the porous medium, the viscosity of the 
solution can decrease with increasing shear rate. Eclipse models the shear rate 
dependence using the Herschel-Buckley model.  
 
    n
ro
TT 
                                                    (2.5.3)
 
 
Where  
T  is the shear stress, T o is the yield stress , 
r
  is a consistency constant , 
  is the 
shear rate, and n is an exponent (shear thinning if n<1, or shear thickening 
behaviour if n>1). In Eclipse, the yield stress and the exponent n can be made 
functions of polymer concentrations. 
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The shear stress can be calculated in the model within a grid based on the 
average stress occurring in a circular tube by [68]: 
 
                         
P
R

4

                                                            (2.5.4) 
Where P  is the pressure gradient and R is the hydraulic pore radius. 
 
The shear thinning of polymer has the effect of reducing the polymer viscosity 
at higher flow rates. Eclipse assumes that shear rate is proportional to the flow 
viscosity. This assumption is not valid in general, as for example, a given flow in a 
low permeability rock will have to pass through smaller pore throats than the same 
flow in a high permeability rock, and consequently the shear rate will be higher in the 
low permeability rock. However for a single reservoir this assumption is probably 
reasonable [62]. The reduction in viscosity (polymer solution) is assumed to be 
reversible, and is: 
 
    ]
)1(1
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P
MP
effwsh

                                                (2.5.5) 
Where 
sh        is the shear viscosity of the polymer solution 
effw,     is the effective water viscosity 
P          is the viscosity multiplier assuming no shear effect 
M         is the shear thinning multiplier   
 
For M=1 or no shear thinning, we recover the effective water viscosity, and for 
M=0 or maximum shear thinning, the shear viscosity is 
    
P
effw
sh
,
                                                                       (2.5.6) 
Which corresponds to the minimum viscosity that can be obtained. If the polymer 
concentration is zero (P=1) we recover the effective water viscosity which, in that 
particular case equals to the water viscosity.  
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Figures 2.10 and 2.11 show the relationship between the shear rate and shear 
stress and also the viscosity with shear rate. 
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Figure 2.10: Relationship between viscosity and shear rate 
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Figure 2.11: The relationship between the shear rate and shear stress  
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The mobility of the polymer solution has different contributions. It decreases 
due to both the increase in viscosity and the reduction in water relative permeability, 
but it can increase due to the shear thinning. It is assumed that the reduction in 
relative permeability is proportional to the amount of polymer adsorbed on the rock. 
The viscosity of the polymer solution is a function of the polymer concentration, and 
it is input in Eclipse as table of multipliers versus polymer concentration. This allows 
the user to enter any polymer viscosity model as a function of the polymer 
concentration. [61, 62] 
 
    

 .F
p

                                                    (2.5.7)
 
 
Where 
p
  is the polymer solution viscosity, 
  is the viscosity of the water, and 
F is the polymer viscosity increase factor.  
 
 
2.5.2 Modelling of Surfactant Flooding:  
 
 One of the purposes of surfactant flooding is to reduce the interfacial tension 
between oil and water and possibly change wettability towards water-wet. A very low 
oil-water surface tension reduces the capillary pressure and hence allows water to 
displace extra oil. If it is possible to reduce the surface tension to zero, then 
theoretically the residual oil can be reduced to zero at pore scale but not necessarily 
at larger scale because of poor sweep. In practice the residual oil to even high 
concentrations is unlikely to lead to 100% recovery of swept zones. [62]  
 
 The distribution of injected surfactant is modelled by solving a conservation 
equation for surfactant within the water phase. The surfactant concentrations are 
updated fully-implicitly after the oil, water and gas flows have been computed. The 
surfactant is assumed to exist mainly in the water phase, and the input to the 
reservoir is specified as a concentration at a water injector. [61, 62] 
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The governing equation for surfactant is: 
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Were 
w
F  and 
o
F  are the water and oil Darcy fluxes:  
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Where a
s
C  denotes the adsorbed surfactant concentration     
  
The relative permeability used at a value of the miscibility function between 
the two extremes is calculated in two steps. Firstly the saturation end points of the 
curves are interpolated and both the immiscible and the miscible curves are scaled 
to honor these points. The relative permeability values are then looked up on both 
curves, and the final relative permeability is taken as an interpolation between these 
two values 
 
The adsorption of surfactant is assumed to be instantaneous, and the quantity 
adsorbed is a function of the surrounding surfactant concentration. The user is 
required to supply an adsorption isotherm as a function of surfactant concentration.  
The mass of surfactant adsorbed on to the rock is given by [62]: 
 
Mass of adsorbed surfactant =  )(..
1
.
surf
C
a
C
r
PORV 


                    
(2.5.11) 
PORV: Pore volume of the cell 
Φ : The viscosity 
r
  : Mass density of the rock 
a
C.  (
surf
C ): Adsorption isotherm as a function of local surfactant concentration in 
solution 
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2.5.3 Modelling of Solvent Flooding: [62] 
 
 Eclipse 100 has a three-component Miscible Flood model. This is intended for 
the simulation of miscible gas injection processes. The model assumes that the 
reservoir fluids consist of three components: reservoir oil, injection gas (solvent) and 
water. The reservoir oil and solvent gas components are assumed to be miscible in 
all proportions. Physical dispersion of the miscible components is treated using the 
Todd-Longstaff technique by means of a mixing parameter which is specified on a 
region basis [62]. The solvent gas gravity can differ from that of the solution gas, and 
the model also allows the oil/solvent screening effects at high water saturations to be 
studied. [62] 
 
  A solvent phase can be introduced into the model to miscibly displace the 
reservoir hydro-carbons. We can control the degree of miscibility and the transition 
to miscibility with an input table of miscibility versus solvent saturation. Most 
potentially miscible fluids are only miscible at high pressure. The pressure should be 
higher than the minimum miscibility pressure in order for the solvent to be dissolved 
in the oil. This pressure effect can be modelled in Eclipse by defining a table of 
miscibility versus pressure. This solvent model in Eclipse 100 also provides a 4-
component extension of the black oil model to enable modelling of reservoir recovery 
mechanisms in which injected fluids are miscible with the hydro-carbons in the 
reservoir to model gas injection projects without going to the complexity and 
expense of using a compositional model. 
 
 The model we shall consider is a 3-component system consisting of reservoir 
oil, injection gas (solvent) and water. Since the solvent will be dissolved in the oil the 
relative permeability requirements of the model are those for a two-phase system 
(water/hydrocarbon). The Todd-Longstaff mixing parameter technique requires 
modification of the viscosity and density calculations in a black oil simulator. [62] 
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The Todd-Longstaff model is an empirical treatment of the effects of physical 
dispersion between the miscible components in the hydrocarbon phase [62]. The 
model introduces an empirical parameter, ω, whose value lies between 0 and 1, to 
represent the size of the dispersed zone in each grid cell. The value of ω thus 
controls the degree of fluid mixing within each grid cell. A value of ω=1 models the 
case when the size of the dispersed zone is much greater than a typical grid cell size 
and the hydrocarbon components can be considered to be fully mixed in each cell. In 
this case the miscible components have the same value for the viscosity and 
density, as given by the appropriate mixing rule formulae. A value of ω=0 models the 
effect of a negligibly thin dispersed zone between the gas and oil components, and 
the miscible components should then have the viscosity and density values of the 
pure components. [62] 
 
The following form is suggested by Todd-Longstaff for the effective oil and 
solvent viscosities to be used in the simulator: 
 
    
mooeff
 1                                                   (2.5.12) 
 
    
msseff
 1                                                    (2.5.13) 
If  =1 then 
seff
 =
oeff
 =
m
      where 
m
  is the viscosity of a fully mixed oil 
solvent system. The formula to be used for  
m
  is the ¼- power fluid mixing rule 
 
   4/1)
1
(4/1)
1
(4/1)
1
(
on
S
o
S
sn
S
s
S
m

                                (2.5.14) 
     
s
S
o
S
n
S                                                            (2.5.15) 
 
The case  =1 models a large dispersed oil solvent zone. The Todd-Longstaff model 
treats this case as a local unit mobility ratio displacement. 
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If  =0 then 
oeff
 = 
o
  ,  
seff
 = 
s
  and each component has an effective viscosity 
equal to its pure value. The mixing parameter approach allows the case of a partial 
mixing zone to be modelled by choosing an intermediate value of . 
 
 The treatment of effective oil and solvent densities in the Eclipse 100 model is 
based on the same 1/4-power rule as the effective viscosities. By default the density 
calculation will use the same mixing parameter as the viscosity. However, a separate 
mixing parameter may optionally be specified for the effective density calculation.  
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2.6 Economical Evaluation [6,63,64] 
2.6.1 Introduction 
 
Reservoir studies are actually one type of engineering evaluation. Thus all the 
elements of an evaluation are also applicable to the economic considerations of a 
reservoir study. For the last years, a lot of publications that address the economic 
performance of oil industry have been published (see, for instance petroleum 
economics monthly report) [66, 67]. Nowadays, economics controls any of decision 
making and future projection. For the last two decades, energy supply has suffered 
from a series of oil crises. This makes reservoir and production engineers directing 
their attention to study the economic performance of oil fields. Several methods of 
comparing investment possibilities have been evolved which have particular merit in 
oil and gas operations. These methods are: 
 
2.6.1.1. Present worth  
 
The concept of present worth attempts to determine the actual present-day 
value of future income [6] or in another word it is the current value of one or more 
future cash payments discounted at some appropriate interest rate [63,64]. This is 
accomplished by applying suitable discount factor to the future income. 
                                                         AD
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Where: 
P = Principal invested (present worth of the profit) Also called discounted cash flow, 
dollars. 
A = Amount of capital profit at the end of the period, dollars 
r = Interest rate during the interest period or also known as discount rate, fraction 
n = Number of periods of interest conversion which means period of time. 
D= Discount factor 
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2.6.1.2. Present Worth Index [6,64] 
 
The present worth index is defined as the difference between the cumulative 
discounted net income divided by principal invested. This tells us if the project is 
worth investing our money in it or should we look for another project that will lead to 
same profit in a shorter time period. 
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Where 
NP = Constant yearly net income 
n = Time, year 
IA = Principal Investment, dollar 
r = Interest rate during the interest period, fraction 
 
 
2.6.1.3. Net Present Value (NPV) [6,63,64,65] 
 
The Net Present Value is the present value of an investment's future net cash 
flows minus the initial investment. If positive, the investment should be made (unless 
an even better investment exists), otherwise it should not. Another definition, found 
from the Investor Words Magazine [63] indicates that Net Present Value is Financing 
principle that in investment proposals where costs occur immediately but returns are 
received over several future periods, only the proposals with positive net present 
value should be considered  
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Where, 
R: The oil revenue 
C: Cost of injectant and water treatment 
i: discounted rate 
n: Number of years 
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2.6.1.4. Pay-out Time [6,64] 
 
The use of payout time for comparing investments is probably the commonly 
used yardstick. Payout time is defined as the number of years required to pay out 
the original investment from the net income from the investment. 
 
                                                            
NP
I
T AA           (2.6.4) 
 
Where: 
TA = Payout time 
IA = Principal Investment, $ 
NP = Constant annual net income 
 
2.6.1.5. Rate of Return [6,63,64]  
 
The rate of return on an investment, expressed as a percentage of the total 
amount invested. Alternatively, it is the discount rate which gives zero NPV. 
Expressed in mathematical form this is: 
                                                          
n
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         (2.6.5) 
Where: 
D = Discount factor 
A = Amount of capital at the end of the period, $ 
IA = Principal Investment, $ 
From the analysis of the above items, the following main parameters are evaluated. 
Which are very important to decide between projects and management requires: 
- Total capital investment 
- Investment period 
- Present worth and present worth index 
- Net Present Value (NPV) 
- Payout time 
-Rate of return 
- Earning life of the project 
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Studying these factors is crucial for decision making. It is very important to 
know in advance if the project going to be profitable or not. For this reason, we use 
all these parameters to evaluate our project before we decide if we going to invest or 
not. There are no general economical criteria in the industry as each company has 
its own criteria but with the same idea of the parameters mentioned earlier which 
applied according to the laws and regulation of their countries. Some of the projects 
that consider being profitable in some places might not be profitable somewhere else 
due to taxation and cost expenditure. Sensitivity analysis on the economical study is 
also a big part of the economical study that each company should do. Price of oil 
and availability of material that will be used for a project are very important factors. 
Price of oil can go up without a prior notice due to any political instability any where 
in the world and then cause a failure to some of the projects or increase the price of 
the material used for any project. In this case our economists should look at these 
risks before they determine whether they should invest on the project or not. 
Knowing the pay out time will give us a clear picture of how long it will take to get the 
money invested on the project. Also this will help to know if we use the money on 
some other investment other than EOR process for this field (Like long term bank 
investment) will it gives the same profit or not. Another important thing to know is 
how much the money we have now worth in the future to determine the right time of 
investment. All these parameters can be interpreted when we do an economic 
analysis using the above equations and concepts. 
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3. Applications of EOR on a simple model: 
 
 As stated in chapter 1, the aim of this research is to study different EOR 
techniques to test the most suitable method that will lead to the maximum recovery 
or to maximise Net Present Value. Different EOR techniques with different screening 
criteria will result in different chances of success for each EOR technique.  Technical 
risk has been divided into two parts: reservoir and process.  The reservoir technical 
risk considers those qualities of the reservoir and its hydrocarbon fluid that make it 
more or less risky for all EOR methods.  The process technical risk considers 
aspects specific to the EOR methods.  It would be possible to calculate risk 
assuming a relevant database of EOR results. 
 
 These semi-qualitative assessments of risk were used to calculate a "Chance 
of Success" factor, which has a value from 0 to 1.  A chance of success equal to 1 
indicates no risk or a high chance of success, while a chance of success equal to 0 
indicates a very high risk, or no chance of success. Reservoir risk was assigned 
where the potential for asphaltenes deposition, extensive natural fractures, and/or 
low permeability exists.  Limited well productivity, poor reservoir sweep and low 
injection rates are possible consequences of these reservoir conditions [2]. To 
understand the behaviour of different EOR strategies in the system we have used a 
simple homogenous model to avoid the effect of the technical risks that might lead to 
a failure of study and we tried to minimize the process technical risks to end up with 
a good physical understanding of the process. 
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3.1 Simple Model 
 
 The purpose of this study of the simple model is to establish the methodology 
for studying different EOR techniques and create an optimum strategy to have the 
maximum oil recovery from carbonate reservoir.  For this purpose, we have built a 
simple homogeneous geological model to understand the physics of applying 
different injecting scenarios and also to use it as a base for our study as we go into 
more complex model. 
 
The model was built on 100x100x1 grid blocks for simplicity and to take a 
shorter time when we use the simulation. Each block is 6.6ft x6.6ft x 50ft in 
dimension.  It was build as a homogeneous model with no fractures or faults.  The 
porosity of this model is 20%. We used a permeability of 100 md and rock 
compressibility of 8 x 10-6 psi-1.  The density of oil and water are 52 Ib/ft3 and 63 Ib/ft3 
respectively. The water viscosity at the reference pressure which is 3000 psi is 1 cp 
and the oil water contact is at 6000ft.  The pore volume of this model was calculated 
to be 7.7x105 RB with an OOIP of 6.3x105 STB. We have used one injector and one 
producer at opposite corners (¼ five spot) for simplicity and to understand the fluid 
behaviour as we start to inject fluids. Figure 3.1 shows an Eclipse picture of the 
simple model used in this research. 
 
 
Figure 3.1: Eclipse image of the simple homogeneous model 
 76 
 
3.2 Methodology: 
 
 After we built the model and set up the injector and producer, we used the 
black oil simulator (Eclipse 100) to generate the results.  The simulation was done in 
3 steps.  First we used Eclipse 100 to build up the geological model with all the data 
provided.  Secondly, we ran the simulation and then exported the data to a different 
software package called Petrel to view the model in 3-D and generate the plots. 
 
 In order to use this facility, it is necessary to enter oil properties not only as a 
function of pressure and GOR- the normal formulation used in Eclipse – but also as 
a function of API, for two or more values of this parameter.  Eclipse then tracks the 
mixing of these different oils and maintains a record of the average API of the oil in 
each grid block.  This is used to calculate the oil density and viscosity in a physically 
consistent manner. 
 
 After completing the homogeneous model we have started with water flooding 
as our first option of EOR methods with an injection rate of 100000 STB/Day. We 
have tried different injection rates but did not give a good support to the reservoir to 
give a high oil production. We tried different injection rates at the beginning to see 
which one will give the best recovery in a shorter time and at the same time low 
water production. This rate showed the best injection rate for the three different 
strategies used. The waterflood was a continuous injection in a high permeable rock.  
The injecting time was set to be for 10 years.  We studied a waterflood as a base 
case to compare other EOR methods with. We are only interested in how well other 
EOR methods do compared with the waterflood. 
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3.3 Buckley-Leverett Analysis:  
 
 We used Buckley-Leverett analysis to compare the cumulative oil production 
which in this case is equal to the water injected as we assume a constant formation 
volume factor and no capillary pressure. We generated the saturation profile as a 
function of distance and time for one dimensional displacement to determine the 
water displacement and water-cut. 
 
The relative permeability curve was plotted as we see in figure 3.2. The 
fractional flow curve was plotted and we used the derivative to determine the 
breakthrough as it is shown below in figure 3.3 and 3.4. This relative permeability is 
a synthetic data that was obtained from a sample data in Eclipse manual.  For two 
immiscible fluids, oil and water, the fractional flow of water (or any immiscible 
displacing fluid), is defined as the water flow rate divided by the total flow rate. 
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Figure 3.2: Relative Permeability Curve for the simple model 
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Figure 3.3: The water cut fractional flow curve 
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Figure 3.4: The fractional flow derivative 
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Welge (1952) [72] showed that by drawing a straight line from Swc tangent to 
the fractional flow curve, the saturation value at the tangent point is equivalent to that 
at the front Swf.  The coordinate of the point of tangency represents also the value of 
the water cut at the leading edge of the water front (fwf). 
 
There is a distinct shock front, at which the water saturation abruptly 
increases from Swc to Swf and then increases up to the maximum value of 1-Sor.  
Therefore, the saturation Swf is called the water saturation at the front or Sw of the 
stabilized zone. From Figure 3.5 we can see that after 240 days of water injection, 
the leading edge of the water front has moved 255 ft from the injection well. 
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Figure 3.5: Water saturation Profile 
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A dimensionless oil production versus the dimensionless time plot was 
generated to compare the behaviour of the production using simulation with the one 
using Buckley-Leverett analysis.  We assumed that we will have a constant oil 
formation volume factor.  The comparison is shown on figure 3.6 below.  
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 Figure 3.6: Np versus tD using simulation and Buckley-Leverett analysis 
 
The small difference that we can see from the two plots is due to the fact that 
Buckley-Leverett approach is designed for a one dimensional flow where in the 
simulation it is a 2D flow. Another reason is the numerical errors that occur in the 
simulation due to different flow path used or numerical conversions. The effect that 
can happen due to numerical dispersion is that it tends to smooth out the front and 
get earlier breakthrough.  
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3.4 Polymer and Solvent injection  
 
 We then looked at a polymer flood. We Injected polymer with a concentration 
of 0.1 Ib/STB which is equivalent to a viscosity of 20cp to start with and a rate of 
100000 STB/Day.  The same thing has been done to inject solvent with a fraction of 
1 in the injection stream. All injection rates and time are the same for both. The 
injection was set to be for 4 years then we stop whatever injectant and continue with 
water alone to reduce the cost. Injectant properties have been taken from KOC pilot 
studies. The plots are shown below in Figure 3.7 & 3.8 and the cumulative oil 
production of each is shown on Figure 3.9.  
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Figure 3.7: Polymer Viscosity Distribution      Figure 3.8: Polymer Adsorption Distribution 
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    Figure 3.9: Field Oil Production Cumulative for different EOR techniques. 
  
Where 
HOMO2DWF: is the waterflood strategy 
HOMOSOLVENT2: is solvent injection strategy 
HOMOPOLYMER2: is polymer injection strategy 
 
As we can see from Figure 3.9, polymer injection gives better recovery than 
waterflooding.  This is basically because the polymer injection will reduce the impact 
of channelling or fingering so breakthrough will be delayed and higher sweep 
efficiency is found.  On the other hand, Solvent shows a better recovery than 
polymer.  This is easily can be understood as the solvent will dissolve in oil then 
reduce the viscosity of the oil causing the oil to move easier.  There are two effects, 
local (or pore scale) sweep where miscible solvent will be better and global or areal 
sweep where a lower viscosity ratio will help. For this simple case the difference is 
not that huge (around 40000 STB) due to the simplicity of the model and the fact that 
the model is homogeneous with high permeability, where in the real model (next 
chapter) we will see something totally different. 
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Buckley–Leveret analysis has been performed again on the three different 
methods of EOR to determine the fractional flow and the saturation profile. Figure 
3.10 below shows the difference of fractional flow for the three cases. The mobility of 
the polymer will be less than others as the viscosity of the polymer solution will be 
higher.  The shock front for polymer will be higher and since it is more dense than 
the water it will show a lower distance covered on the saturation profile as we can 
see from figure 3.11. Also the solvent shows low distance coverage because of the 
density contrast that will cause some fingering and also the different in viscosity will 
lead to gas override in the system. 
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Figure 3.10: Fractional flow curve for water, solvent, and polymer flood. 
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Saturation Profile after 120 days 
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Figure 3.11: Saturation profile for water, solvent, and polymer flood. 
 
 
For any project, economic analysis should be performed to see if the project 
is economically profitable. Based on a simple calculation for the two different 
methods, we used a polymer cost of $10/Ib and solvent cost of $15/scf [68]. The cost 
calculation was based on the cost of the injectant and the water produced treatment 
only.  The reason for this simplicity is to generalize our study to be applicable 
everywhere and if more details need to be used by a specific company, CAPEX and 
OPEX applied for that country can be added directly and calculated easily afterward.  
Figure 3.12 shows the discounted cash flow of both solvent and polymer injection 
used in the simple model with price of oil 70$/STB. 
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   Figure 3.12: Cash flow difference between solvent and polymer injection in simple model 
 
 
From Figure 3.12, we see that using polymer will give a higher cash flow than 
solvent injection due to the cost of using solvent injection even though the oil 
recovery using solvent injection is higher. So we decided to use polymer for our 
optimum analysis and determine which polymer injection gives the highest NPV.  
Two parameters have been used for the analysis due to the impact of each on the 
total oil recovery.  These parameters are the concentration of the polymer and the 
slug size which in this case is the length of the injection period. So as a starting idea 
of how the time of injection will affect the oil recovery we‟ve tried three different 
cases of injection periods and generated the oil recovery as shown on Figure 3.13 
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              Figure 3.13: Oil recovery for different slug sizes in polymer injection 
  
HOMO2DWF: Continuous water flood from the beginning of the production till the 
end. 
HOMOPOLYMER1: We inject polymer for 4 years then we stop the polymer and 
continue with water flood. 
HOMOPOLYMER2: We inject polymer for 2 years then we stop polymer and 
continue with water flood. 
HOMOPOLYMER4: We inject polymer for 4 years then we stop polymer injection 
and water flood to see the behaviour of the system at different schemes.   
 
From Figure 3.13 we see that changing the slug size will have some influence 
on the oil recovery. The difference between the cumulative oil production for solvent 
and surfactant injection is very small which means that we need to analyse whether 
this difference is significant or not. In order to find out how significant the difference 
is, we have chosen three different scenarios for different slug sizes to check how 
significant is the impact of different slug sizes on the oil production and we have 
analysed the accuracy of the results based on grid size refinement by decreasing the 
grid size of the model used.  
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At this stage we have chosen three different injection times. Injection from the 
beginning continuously to the end, injection at the water breakthrough, and injection 
at 70% of the water-cut.  In all cases, waterflood is continuous till the end starting 
from the time chosen for injection.  Figure 3.14 shows how the oil recovery can 
change if we use different slug sizes or in other words, different injecting time. 
 
 
 
              Figure 3.14: Oil recovery for different slug sizes in polymer injection 
 
Where: 
HOMO2DWF: Water flood from the beginning till the end. 
POLYSV2-BEG: Polymer injection from the beginning till the end. 
POLYSV22-WC: Polymer injection from water breakthrough till the end. 
POLYSV2-70WC: Polymer injection from 70% water cut till the end. 
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From Figure 3.14 we can see that injecting from the beginning will give the 
best oil recovery due to the fact the reservoir needs an external forces to help 
moving the residual oil toward the production zones as it is now is not strong enough 
to drive the oil to the surface.  Also we have noticed that injecting at the late times 
will not increase the recovery because the production time of the reservoir will not 
give the reservoir the time to feel the effect of the injected polymer.  The reservoir 
will feel the difference in pressure at the late time of production and then the 
production will be improved only at the last stages of production.  
 
To check that this conclusion is not a numerical artefact, a grid refinement 
study was carried out. Numerical convergence errors are basically due to lack of 
mass conservation or pressure convergence issue during a time step. The 
consequences of these un-converged iterations are generally: 
 
 Reduction of the time step and new direction for the solution search to try to 
correct those errors. This will obviously impact the performance in terms of 
CPU. 
 If the reduction in time stepping does not solve the problem then: 
- Either the program will stop, and it is advised the user to check the input 
data, and possibly try different convergence tuning criteria (e.g. allow more 
iteration within a time step, reduced the max time step, tighten/loosen 
some convergence criteria) 
- Or the program can accept the current solution and continue from there, 
which is NOT recommended. If this happens the outcome of the simulation 
cannot be trusted and the simulation will need re-running after a data 
check with possible different tuning settings 
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For that reason we have tested the accuracy of the data generated. We have 
created another case for the polymer injection schemes to test the convergence 
errors effect and to test the effect of decreasing the grid size of the model on the 
accuracy of the results. We used a grid size of 3.3 ft and grid dimensions of 
200x200x1 which is half the grid size used before with double grid number. From 
figure 3.15 we can see that grid refinement has no significant effect in this 
homogeneous model. The results indicate that the two cases have a good 
consistency. The cumulative oil production for all cases is almost the same before 
and after the grid refinement. Slight difference can be seen in case of POLYSV2-
BEG but it is less than 3%. This might be due to the convergence errors that we 
have mentioned earlier. This result can confirm that the results we have obtained 
from the main cases are to a good accuracy extent. The homogeneity of the 
reservoir helped decreasing the convergence errors in the absence of the capillary 
pressure  
 
Also we should point out that the effect of the decreasing the grid size of the 
water front advancement will have earlier breakthrough as we decrease the grid 
size. Refining the grid size help to decrease the convergence errors and resolve the 
structure of the model more accurately. It is enable us to see more structure of the 
displacement as the grid size becomes smaller. The difference between the two 
simulations can be statistically valid if the cumulative oil productions become the 
same even if we use smaller grid size. Most engineers try different grid sizes and 
test the recovery for each case until the recovery becomes the same then they 
chose it to be their final grid size. From figure 3.15 & 3.16 we can see clearly the 
difference between the base case and the refined case in terms of cumulative oil 
production and production rate. 
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Figure 3.15: Cumulative oil production before and after grid refinement. 
 
 
Figure 3.16 : Production rate for the base and refined case of the polymer injection schemes 
 
 91 
 
 
Based on this analysis, we used polymer injection from the beginning until the 
end of production time (POLYSV2-BEG) at different polymer concentrations to see 
how this parameter affects the production. We used polymer with concentrations of 
0.1 Ib/STB, 0.2 Ib/STB, and 0.4 Ib/STB.  
 
Figures 3.17 & 3.18 show the production rate and the cumulative oil 
production curves (more will presented in the appendix). It is shown that increasing 
the concentration of the polymer will not add to the recovery of the reservoir because 
of the homogeneity of the reservoir.   
 
The homogeneity of the reservoir has a big impact on this as we do not 
require a highly concentrated polymer as we require some force to drive the oil into 
the production zones. From figure 3.18 we can that injecting polymer at the time of 
breakthrough increased the production rate and at 70% of the water cut the 
production increased again due to the effect of the polymer injection. This did not 
last for a long time as the reservoir is already been swept at the early stage and 
what is left is a small amount that leaded to an increase in the production rate for a 
short period then start to decrease at the end.  
 
To verify this idea, we have tried different concentration at different injection 
times to see if this will make a difference or not. Figure 3.19a, 3.19b, and 3.19c will 
illustrate the difference in terms of cash flow. 
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Figure 3.17: Cumulative oil production for POLYSV-BEG with different concentrations  
 
 
Figure 3.18: Production rate for different polymer injection schemes 
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Figure 3.19a: NPV Vs. Concentration for injecting from the beginning 
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Figure 3.19b: NPV Vs. Concentration for injecting at the water breakthrough 
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Figure 3.19c: NPV Vs. Concentration for injecting at 70% water-cut 
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3.5 Conclusion:  
 
 As a conclusion for this part of the simple model, we say that injecting solvent 
will give a higher recovery than injecting polymer because it will reduce the viscosity 
of the oil and help it to move easily to the production zones.  The economy  
constrains that we used in this simple model indicated that using polymer will give a 
higher cash flow due to the high cost of the solvent and the water production 
treatment cost for this case. 
 
 Using a different slug size will have a big impact on increasing the recovery of 
the reservoir as it was shown previously in the cumulative oil production (more than 
10% of increase).  According to the model we have, injecting from the beginning till 
the end will give the best recovery during the time of the project.  Increasing the 
concentration of the polymer will have no big impact in this case because the 
reservoir we used is very homogeneous with very high permeability which means 
that the reservoir needs something to reduce the viscosity of the oil more than 
increasing the mobility which can be obtained also if we use solvent injection. Table 
3.1 gives a summary of the different out comes for different polymer schemes.  
 
Table 3.1: Summary of discounted NPV and Cumulative oil production for different polymer 
schemes. 
 
Scheme 
 
Discounted NPV (Million $) 
 
Cumulative FOPT (STB) 
POLYSV2-BEG 24.67 46.30x104 
POLYSV2-WC 22.59 44.20x104 
POLYSV2-70WC 21.12 39.28x104 
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4. Minagish Field Study (Real Model):  
4.1 General Information 
 
 The Minagish Field is located in the southwest of Kuwait (Fig.4.1 and 4.2). It 
was discovered and began production in 1959. The field holds hydrocarbons in six 
major reservoirs ranging in age from Early Jurassic to Late Cretaceous. The 
principal reservoir is the lower Cretaceous Minagish Oolite which contains 84% of 
the field‟s reserves and has contributed over 80% of its production [69, 70]. The 
Minagish Oolite has a STOIIP of around 4500 MMBO, 445 MMBO of which has been 
produced by end 2000. The field structure is weakly faulted doubly plunging 
anticline. The Minagish Oolite is a 400 ft interval of carbonate sands deposited is a 
storm/wave dominated ramp. The reservoir is layered, with only minor lateral 
intralayer variations in reservoir quality, but pronounced differences in permeability 
between layers (<50 mD to >1000 mD). Partial barriers to vertical fluid flow are 
formed by thin, micritic layers deposited during deepening episodes. The 950 ft thick 
hydrocarbon column comprises light oil underlain by a discontinuous tar mat 34-108 
ft thick. The tar mat occurs preferentially in the higher permeability layers and acts 
as a complete barrier to aquifer influx. Pressure decline was so rapid during early life 
that production was shut in for four years, resuming in early 1967 with pressure 
support from four crestal gas injectors. Peripheral water was injection was begun in 
1984, but its effectiveness in improving recovery was impaired by the presence of 
the tar mat and by poor injectivities caused by fines migration. By end 2000, only 
10% of the STOIIP has been produced, with virtually no water production.  During 
the late 1990s, a campaign of infill drilling began in order to boost production 
significantly. [70] 
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Figure 4.1: Location of the Minagish Field, Kuwait (modified from Ala, 1982) [70, 71] 
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    Figure 4.2: Structural elements of Kuwait (Carman, 1996) [70, 72].  
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4.2 Minagish Field Structure 
 
 The field holds hydrocarbons in six major reservoirs ranging in age from Early 
Jurassic to Late Cretaceous (Fig 4.3).  The principal reservoir is the lower 
Cretaceous Minagish Oolite, which contains 84% of the field‟s reserves and has 
contributed 80% to its production [69, 70]. The other main reservoirs are the Albian 
Burgan Formation and the Upper Cretaceous Wara and Mishrif formations. The 
Minagish Field is contained in a weakly faulted N-S trending, doubly plunging 
anticline that covers and area of around 60 Km2. The north eastern and western 
flanks of the field dip at 5-6 degree, while its northern and southern flanks dip at 2-3 
degrees. The relief on the anticline becomes more subdued at each succeeding 
stratigraphic level.  Geological models based on 2-D seismic data showed the field 
as being cut by a well-developed radial fault pattern. More recent geological models, 
based on 3-D seismic data, show a W-E fault zone bisecting the field. with only a few 
other, short minor faults. The W-E fault zone has throws of 15-60m. Possible smaller 
faults, with throws of 10-15 m, are present, but probably do not compartmentalize 
the reservoir. Faulting is more intense in the overlying, younger strata, but these 
faults tend to die out rapidly with depth [69, 70]. 
 
 
Figure 4.3: Schematic NW-SE cross section through Minagish Field (Al-Shahran,1997) [70, 
73]  
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The crest of the structure at the level of the top of the Minagish Oolite 
reservoir is at 9000ft TVDSS and the OWC is at 9950ft TVDSS [70, 74], giving a 
total oil column of 950 ft. The original hydrocarbon pool in the Minagish Oolite 
comprised a light oil column underlain by a tar mat above an aquifer. The tar mat is 
34-108 ft thick and is thickest in the northern part of the field and thinnest on the 
western flank. The tar occurs preferentially in layers 3 to 10 and layer 12 within a 
depth window of 9700-9925 ft. these are the most permeable layers, with values > 
100 mD. Figure 4.4 below demonstrates the tar mat precipitation in 225 ft of the 
permeable zones. 
 
Figure 4.4: Zonation scheme and typical permeability profile for the Minagish Oolite (Al-Ajmi, 
H), 2001) [69, 70] 
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Tar mats are „‟a particular zones in an oil main reservoir characterized by a 
high content of NSO compounds. NSO (nitrogen, sulfur, oxygen). These compounds 
refer to resins and asphaltenes corresponding to high-molecular-weight oil fractions 
containing hetero elements (N,S,O) which control, to a large extent, the viscosity and 
density of the oil. They correspond to very heavy oil which can induce damaging 
effects on oil recovery such as reduction of total “productive” porosity, creation of 
permeability barriers, diminution of water driving efficiency, modification of fluid 
circulation and/or rock wettability‟‟ [75] 
 
The tar mat has been identified in several cores. Although the top of the tar 
mat corresponds in some wells to a positive SP kick, the SP log provides an 
unreliable measure of its thickness as it cannot distinguish effectively between tar 
and immobile residual oil after waterflooding, while some cemented intervals have 
similar SP responses to tar. A reliable indicator of the tar mat is the microspherically 
focused log. (MSFL), which has been run in many recent wells [69, 70]. 
Chromatographic analysis of oil in cores shows the tar mat to be heavily enriched in 
asphaltenes ( 80-90%), compared with the overlying light oil column ( 5%), and 
strongly depleted in saturates (<5%) compared with the light oil. (15-25% average 
21%). A transition zone is commonly observed just above the tar mat, in which 
saturates average 12%. The tar contains average aromatics and polars of 5-10%, 
compared to 1% and 5%, respectively, for the overlying light oil. The preferred model 
for formation of the tar mat involves initial oil charge of the Minagish trap. Later, the 
introduction of the light oil triggered asphaltenes precipitation at the base of the oil 
column. The light oil preferentially charged the higher permeability layers and it is 
within these layers that most precipitation occurred [69, 70]. 
 
 The 3-D seismic survey, acquired over the field in 1996-98, allowed detailed 
reservoir mapping and porosity prediction and resulted in improved structural 
definition, compared with the 1979 2-D seismic dataset [70, 76]. The older survey 
had a variable line spacing of 1-3 km, whereas the 3-D survey was of high quality, 
being  
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relatively noise free and having good penetration. Seismic resolution of the Minagish 
Oolite reservoir was impaired by Karst-related irregularities in the top-Shu‟aiba 
surface, such as sinkholes, channels and collapsed cave systems that are filled with 
low-velocity sediments. These create multiples and amplitude and stacking shadows 
that had previously been misinterpreted as the product of a radial fault pattern. 
 
 
4.3 Reservoir Architecture and properties: 
 
 The Minagish Oolite in the Minagish Field is a highly heterogeneous reservoir, 
with large differences in permeability vertically through the unit. The permeability 
heterogeneities have allowed the definition of a 13-layer reservoir model [69, 70]. 
The layers are numbered 1 to 13 from top to base. Layers 10,9, and 7 have 
permeabilities approaching and locally exceeding 1000 mD. Layers 1, 2, 8, 11, and 
13 have permeabilities commonly of < 150 mD. In the full field model constructed in 
2000, a total of 25 reservoir layers were defined [70, 74]. Seven layers were 
modelled as permeability barriers which retard the vertical flow of fluids through the 
reservoir. The higher-permeability layers have been preferentially charged with tar, 
which prevents communication between the light oil column and the aquifer. These 
higher permeability layers therefore require more pressure support, in the form of 
gas or water injection, than lower-permeability reservoirs, which are less affected by 
tar. The Minagish Oolite in the Minagish Field has a porosity range of 17-25% and 
porosity average of 21%. Permeabilities are typically in the range 300-1000 mD. 
Water saturation ranges from 11-21%, with an average of 14 %. [69, 70]  
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4.4 Production Engineering Analysis: 
 
 The Minagish Oolite reservoir in the Minagish Field has a STOIIP of 4500 
MMBO [70, 74]. The field‟s ultimate recoverable reserves were estimated at 2.1 BBO 
by Beydoun [70, 73]. The field began production in 1959. By end 2000, after 40 
years of production, the Minagish Oolite had produced relatively a low cumulative 
total of 445 MMBO. 
 
 The oil is light with API gravity of 34o, a viscosity of 0.5-0.8 cp and initial 
solution GOR of 500 SCF/STB. The reservoir is strongly undersaturated. Its initial 
reservoir pressure was 4750 psig at 9422 ft TVDSS, while its saturation pressure 
varies from 1830 psig at the crest to 1400 psig at the OWC [70, 77]. Aquifer drive is 
very weak, except in the uppermost layers of the Minagish Oolite. The same 
reservoir in the adjacent Umm Gudair Field produces under strong aquifer drive. 
Effective aquifer influx at Minagish in prevented by a tar mat, which acts as a barrier 
between the light oil column and aquifer. 
 
 Density of the oil within the light oil column increases slightly towards the tar 
mat. This increase in density is accompanied by an increase in viscosity.  The oil 
becomes immobile (>10cp) at depths grater than 10,340 ft MD. This has a profound 
impact on reservoir management, as no water can be injected when asphaltenes 
contents reaches 80%, which corresponds to a viscosity of 10-100 cp. Small 
volumes of water can be injected in the zone above the tar mat where asphaltenes 
contents are 20-80%. The tar mat has a viscosity of 200-400cp. It does not form 
continuous barrier between the aquifer and the oil leg.  This allows water to 
percolate from the aquifer into the reservoir to provide pressure transmission. 
However, because the areas where the tar mat is not present are of poorer rock 
quality, it is probable that aquifer influx is very weak even here. Although previous 
studies indicated that the tar mat could be broken down by injection of water into it, 
more recent work suggests that this is in fact unlikely to occur. [69, 70] 
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 Production from the field commenced in 1959.  Relatively low oil rates of 
between 0-40,000 BOPD were maintained until 1963, when production was closed in 
because of rapidly declining reservoir pressures. These had fallen from initial value 
of 4750 psig. The field remained closed until end 1966, during which period, 
reservoir pressure recovered to 4600 psig. Production from the field then resumed, 
with pressure support from four crestal gas injection wells. Gas was supplied from 
neighbouring Burgan Field. A campaign of development drilling was undertaken that 
led to production rapidly reaching a peak of 95,000 BOPD in 1976. By 1970, 23 wells 
had been drilled on the field. Well initial flow rates were commonly in the range 
10,000-15,000 BOPD. Field rates fluctuated between 40,000 and 70,000 BOPD until 
the late 1970s. Subsequently, gas injection was intermittent and oil production was 
variable as a result. A gas sweetening plant was installed in May 1979. Reservoir 
pressure was maintained at 4600 psig until 1979, then stabilized at 4350-4400 psig 
throughout the 1980s. By July 1990, a cumulative total of 343 BDFG had been 
injected into the reservoir [70, 77]. Injection of gas led to the accumulation of 
secondary gas cap. 
 
 In 1990, production was brought to a halt by the gulf war and did not resume 
until 1993. Wellheads were damaged during the crisis and most wells were on fire 
producing uncontrolled flow for about seven months. This uncontrolled flow caused 
the loss of about 40 MMBO and 40 BCFG wasted production [70, 77]. When 
controlled production resumed in 1993, reservoir pressure had dropped to 3900 psig. 
It declined further to a minimum of 3600 psig in 1997, before recovering to 3800 psig 
in 1999 [70, 74]. There has been virtually no water production to date of 2001, 
although incipient water breakthrough has been observed in two downflank wells. 
 
 A peripheral water-injection pilot project was begun in 1984. Water was 
injected into the pilot well, located on the southeast flank of the field, in an 82 ft 
perforated interval at 10,323-10,405 ft in the Minagish Oolite. Despite the use of 
scale inhibitors, acidization operations and cleans-outs, injectivity indices of only 9 
BWPD/psi were achieved. Injectivity was inhibited by the presence of tar mat and by 
mobile particulate matter in the injection water derived from Zubair Formation. 
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Improvements in the filtration system helped the subsequent injection pilot well to 
achieve injectivities of 25 BWPD/psi. The pilot wells found minimal pressure 
response in adjacent production wells. Water breakthrough was not noted until more 
than three years after the beginning of the trials. In 1994, a dump-flood pilot project 
was undertaken, with water from Zubair Formation in one well and injected into 
Minagish Oolite. Injectivities of up to 30 BWPD/psi were achieved. The scheme was 
deemed successful and it was planned to extend it to a further six wells in early 1997 
[70, 77]. By 2000, two of the dump-flood wells in the northeast of the field had to be 
shut in because of the presence of a barrier to vertical fluid flow. This has caused 
water to sweep only the layers above the barrier [70, 74] 
 
During the 1990s, plans were made to increase the production rate and 
sustain a plateau for at least five years. A full field reservoir model was constructed 
during 1997, which provided the basis for a major development programme. 
Between January 1998 and August 2000, 25 wells were drilled on the field. The 
information obtained during this development drilling was used to construct a new 
full field model.  The new model comprised of 25 layers, with grid-block dimensions 
of 200x200 m. The OWC, which in the 1997 full field reservoir model was placed at 
9810 ft TVDSS, was set at 9950 ft TVDSS at the base of a transition zone [70, 74]. 
Summary of the Minagish filed details is illustrated in table 4.1 below. 
Table 4. 1: Summary of Minagish Field properties [70] 
Parameter Value 
API 33.2 
Φ 17-21% 
K 300-1000 mD 
PV 19.44x108 RB 
OOIP 9.72x108 RB 
OWC @ 9950 ft 
Sw 11-21% 
µo 0.5-0.8 cp 
Reference Pressure 4500 psig 
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5. Minagish Sector Model 
5.1 Geological description: 
 
 The sector model we used for this research was provided by Kuwait Oil 
Company with some changes from the real case due to confidentiality of the data but 
overall it represents some sectors of the reservoir of the study. This sector model is 
30x12x25 grid blocks with a grid size of 671ft in the x direction and 664 ft in the y 
direction and a range of 0.42-86.6 ft in the z-direction. It is heterogeneous reservoir 
with weak faults on the edge of the reservoir but not in the sector of study. The 
porosity of the sector was calculated to be 21% and API of 33.2. The rock 
compressibility is 6 x 10 -6 psi-1. The reference pressure is 4500 psig.  The pore 
volume of this sector is 19.4x108 RB and the original oil in place 9.7x108 RB. We 
have 13 producers and 4 injectors in the sector. We have used a constraint that if 
the producer produce less than 250 BBL/DAY it will shut down automatically. All 
other geological descriptions are as given in the general description of Minagish 
Field in the previous section. Figure 5.1 below shows an Eclipse picture of the sector 
model [70, 74]. 
 
 
Figure 5.1: Picture of the sector model of Minagish Field  
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Different maps of the permeability and water saturation cross sections for Minagish 
sector model are presented below (more will be presented in the appendix). 
 
           
Figure 5.2:Cross section of Kx, Ky (300-1000 md) Figure 5.3: Map view of Minagish Kz 
profile 
 
           
Figure 5.4: Cross Sections of Sw before a) before and b) after waterflooding 
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5.2 Results and Discussion: 
 
 As with the simple, homogeneous model, we first carried out a water flood to 
act as a base case to compare alternative EOR schemes with. The water flood had 
an injection rate of 20000 STB/Day. The waterflooding was a continuous injection 
through out the production time.  The injecting time was set to be for 40 years 
(480x30 Tstep).  We have chosen the waterflooding to start with because it is the 
simplest and to make it our base case for the rest of the strategies that will be used 
later on.  Properties of the injection agents and relative permeability curve are 
presented in Figures 5.5a-f below where Figure 5.6 shows water flood as a base 
case with other injection strategies.  These are the same properties used for the 
simple model in chapter 3. 
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Figure 5.5a: Polymer Viscosity Distribution   Figure 5.5b : Polymer Adsorption Distribution 
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Surfactant Viscosity Distribution
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Figure 5.5c:Surfactant Viscosity Distribution Figure 5.5d: Surfactant adsorption Distribution   
 
The Figures 5.5a-d shows the viscosity and adsorption distribution with 
concentration variation. The viscosity increases linearly as the concentration 
increases. The adsorption will increase as the concentration increases until a point 
where an increase in concentration will have no significant effect on the adsorption 
profile. On the other hand, solvent will reach complete miscibility as we increase the 
solvent fraction in the system as it is shown in Figure 5.5e. 
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Figure 5.5e: Solvent Miscibility 
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Relative Permeability Curve
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Figure 5.5f: Relative permeability curve for Minagish sector model 
 
After we built our base case, we followed the same series of injection studies 
as for the single model. We injected polymer, solvent, and surfactant. We used an 
injection time of 480 months which is from the beginning till the end in order to see 
how this will make a difference on the oil recovery with the time of production. We 
used the same injection rate and time in order to compare the 4 different strategies. 
All injection criteria are the same a part from the injectant properties. 
 
 
Figure 5.6a: EOR strategies where we inject the substance from beginning till the end  
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 From plot 5.6a we can see that injecting solvent and surfactant will give a 
higher recovery than using polymer. It is shown that polymer will not give high 
recovery as it did in the simple model because of the heterogeneity. The more 
heterogeneous the reservoir the more difficult to control the channelling in the 
system which means that we will still have some fingering that lead to low oil 
recovery as we inject polymer. This heterogeneous reservoir will need a better 
injectant to reduce the viscosity of the oil and also increase the sweep efficiency as 
we noticed with the solvent and surfactant. In order to analyse this better we have 
looked at a refined system with smaller grid size to see the effect of the 
heterogeneity on the results obtained. More of this will be discussed later on this 
chapter as we discuss the sensitivity to grid size refinement In Figure 5.6a we notice 
that the difference between the production arising from injection of solvent or 
surfactant is not high which lead us to a question which one to use? In order to 
answer this question we have to make more analysis to prove which one to use and 
study more to give the optimum recovery of this field. Different slug sizes and 
injectant concentrations need to be analysed to check the optimum case of each 
scenario. As with the simple model we chose different injection times (slug sizes) 
and applied them to our model to see how this will change the oil recovery. Table 5.1 
and Figures 5.6a-5.6f explains the difference slug sizes schemes. 
Table 5.1: Description of different injection schemes 
Scheme description 
INJ Injecting the substance solution from the beginning until the end 
INJ2 Injecting the substance solution for 2 years then stop and 
continue with water alone 
INJ3 Injecting water for 2 years then stop and continue with the 
substance solution till the end 
INJ5 Injecting the substance solution for 20 years (1/2 production 
time) then stop and continue with water alone  
INJ6 Injecting the substance solution for 13.5 years (1/3 production 
time) then stop and continue with water alone  
INJ7 Injecting the substance solution for 27 years (2/3 production 
time) then stop and continue with water alone  
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Figure 5.6b: Injecting the substance for 2 years then stop and continue with water alone 
 
 
Figure 5.6c: Injecting water for 2 years then stop and inject the substance until the end. 
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Figure 5.6d: Injecting the substance for half the production time (20 years) then stop and 
continue with water. 
 
 
Figure 5.6e: Injecting the substance for 13.5 years (1/3 of the production time) then stop and 
continue with water. 
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Figure 5.6f: Injecting the substance for 27 years (2/3 the production time) then stop and 
continue with water. 
 
 From Figures 5.6a-5.6f we notice that injecting using the injection scenarios of 
INJ and INJ3 will give the best scenarios of cumulative oil production for solvent and 
INJ5 will be the best scenario for surfactant. For further investigation, we have 
analysed the results using discounted cash flow as we did for the simple model 
using a price of 10$/Ib , 15$/SCF, 20$/Ib for polymer, solvent, and surfactant 
respectively and price of oil of 70$/STB. Figures 5.7a-f will show the discounted cash 
flow for each case. The equation used to calculate the NPV is: 
                                                       
n
JJ
n
J i
CR
NPV
)1(
)(
0 



 
Where, 
R: The oil revenue 
C: Cost of injectant and water treatment 
i: discounted rate 
n: Number of years 
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 Figure 5.7a: Discounted Cash Flow for Scheme INJ.  
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 Figure 5.7b: Discounted Cash Flow for Scheme INJ2.  
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 Figure 5.7c: Discounted Cash Flow for Scheme INJ3.  
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  Figure 5.7d: Discounted Cash Flow for Scheme INJ5 
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 Figure 5.7e: Discounted Cash Flow for Scheme INJ6 
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 Figure 5.7f: Discounted Cash Flow for Scheme INJ7 
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From Figures 5.7a-f we see the negative cash flow at the beginning when we 
inject because of the cost of the substance injected. Afterward we will start to see 
some production due to the fact that the reservoir will start to feel the influence of the 
injected substance but since we are comparing this study with water flooding, we 
see that the production is not added to the discount cash flow because it is similar to 
the one if we are using waterflood. At the end of the injected time (for example INJ2 
scheme) there will be no cost of injection but there will be a revenue from the 
increased cumulative oil production of one on the other as we noticed from the 
cumulative oil production figures 5.6a-f.  
 
Also from Figures 5.7a-f we can see that injecting surfactant will give the best 
discounted cash flow for the project even though the surfactant price is higher than 
others but the cumulative oil production using surfactant is higher than others with 
the price of oil used ( 70$/STB ) gives it the best substance to use. Polymer has a 
very low discounted cash flow due to the fact that polymer which controls the 
channelling will not be sufficient enough to help increasing the sweep efficiency as 
with the solvent and surfactant.  Solvent will greatly reduce the viscosity of the oil, 
and surfactant will also reduce the interfacial tension between the oil and the water 
to increase the sweep efficiency. This will affect the local (or pore scale) sweep 
efficiency. But again the difference between the discounted cash flow of solvent and 
surfactant is very small in some cases like INJ and INJ3.  
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From Table 5.2 below we can see the difference in cumulative oil production 
and NPV for all the cases we have used for Minagish sector model.  Injecting water 
for two years then stop and inject solvent will give the highest cumulative oil 
production (4.31X108 STB) with Net Present Value of 174 Million dollars for the 
project. This means that injecting water at the beginning will help to drive the oil from 
the pore spaces to the open channels then we inject solvent that will dissolve in the 
oil and help to decrease its viscosity for a better sweep efficiency.  
 
Density contrast may results on a gravity slumping or gas override when the 
time needed for the dissolved gas to reach the producer is longer than the time 
needed for a gas liquid segregation. In this case, the solvent or the driving gas will 
override the oil in the reservoir and contact only the upper portions of the reservoir 
sand. Also the viscosity difference between the solvent and the oil will cause a poor 
mobility ratio. A non-viscous fluid displaces a more viscous oil will results on 
fingering of the solvent through the oil and a poor flood conformance.  
 
In the other hand, the optimum scheme indicated on table 5.2 is injecting 
surfactant for 20 years then stop and continue with water.  The injected surfactant 
will reduce the interfacial tension between oil and water and release the oil from the 
rocks to be driven afterward by the water injected. This will give a recovery of 
4.32X108 STB and NPV of 188 Million dollars because in this case we will cut the 
cost of injecting surfactant all the way from the beginning till the end. 
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Table 5. 2: Summary of the cumulative oil production and NPV for all the different schemes used 
  Polymer Solvent Surfactant 
Scheme Scheme 
Description 
Cumulative Oil 
Production         
( STB ) 
Discounted 
NPV 
(Million $) 
Cumulative Oil 
Production                
( STB ) 
Discounted  
NPV 
(Million $) 
Cumulative Oil 
Production               
( STB ) 
Discounted  
NPV 
(Million $) 
INJ Injection from 
beginning till the 
end 
3.86X10
8
 11.96 
  
4.16X10
8
 156.18 
 
4.22X10
8
 183.03 
INJ2 Inject for 2 years 
then stop and 
continue with 
water alone 
3.49X10
8
 3.13 
 
3.35X10
8
 3.85 
 
3.55X10
8
 22.82 
 
INJ3 Inject water for 2 
years then stop 
and continue with 
the substance till 
the end 
3.90X10
8
 22.08 
 
4.31X10
8
 174.23 
 
4.24X10
8
 182.08 
 
INJ5 Inject for ½ the 
production time 
then stop and 
continue with 
water 
3.73X10
8
 25.04 
 
3.78X10
8
 106.49 
 
4.32X10
8
 188.07 
INJ6 Inject for 1/3 the 
production time 
then stop and 
continue with 
water 
3.62X10
8
 19.89 
 
3.40X10
8
 48.65 
 
4.06X10
8
 144.43 
 
INJ7 Inject for 2/3 the 
production time 
then stop and 
continue with 
water 
3.78X10
8
 24.19 
 
4.01X10
8
 143.05 
 
4.23X10
8
 187.33 
 
 120 
 
  In order to finalize our study with the best scenario we have to test these 
strategies in more detail and see what other parameters can be used to show a 
better recovery from one to another. 
 
 Concentration was used to test the optimum recovery using solvent and 
surfactant injection (as we used it also in the simple model). We used a 
concentration of 0.004 increasing incrementally by 0.02 to 1 Ib/STB for the 
surfactant. For the solvent, we used an incremental increase of the solvent fraction in 
the injection stream from 0.1 to 1 where 0.1 means injecting 10% solvent to the pore 
volume and 1 means 100% solvent fraction injected in the pore volume. This 
behaves as if we have a WAG system but without cycles (only solvent followed by 
water or the opposite). This will give us a very wide view of how the recovery will 
change as we change concentration of the injectant. From this we can make sure 
which injectant to use and be the optimum option for our sector model. Figures 5.8 
will show the changes in oil recovery using different solvent concentrations. 
 
 
Figure 5.8: Cumulative oil production at different solvent fractions in % to the pore volume   
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From Figure 5.8 we notice that changing the concentration of solvent will not 
have huge impact on the total oil production and the highest cumulative oil 
production will be obtained using 100% of solvent. Figure 5.9 below shows the 
changes on oil recovery using different values of surfactant concentrations. 
 
 
Figure 5.9: Cumulative oil production at different surfactant concentrations 
 
 
From Figure 5.9, using a surfactant with the concentration of 0.2 Ib/STB will 
give a higher oil recovery which means that the system does not need more viscous 
injectant as it needs more effective fluid that will reduce the interfacial tension (the 
tension between the oil and water particles) and help the system to drive the residual 
oil to the surface. The minimum interfacial tension can be obtained using surfactant 
of 0.2 Ib/STB concentration.  
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To verify this using economical analysis, NPV has been calculated and figure 
5.10 shows that using surfactant with concentration of 0.2 Ib/STB will give the 
highest discounted cash flow. Figures 5.10 & 5.11 below show different NPV values 
for different surfactant concentrations and the discounted cash flow for surfactant 
and solvent injection at their optimum concentrations. From an engineering point of 
view, surfactant with a concentration of 0.2 Ib/STB will give the highest NPV but with 
a very small difference from others. Economists may look at this differently and say 
that injecting surfactant with lower concentration will give almost the same NPV as 
0.2Ib/STB with less panic. So at this stage we say that choosing the best 
concentration will be depending on each company criteria and how they model their 
economical calculations as this study is just an overview of the cost of injectant and 
water treatment. Other considered expenses might change the order of the preferred 
concentrations but will not change the recovery performance that we obtained using 
different concentrations. 
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Figure 5.10: Plot of the NPV Vs. Different surfactant concentrations  
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Figure 5.11: Discounted cash flow for the best two scenarios of solvent and surfactant 
injection 
 
  
Grid refinement has been carried out again on the heterogeneous model to 
check the accuracy of the conclusions reached. We have decreased the grid size of 
Minagish field from 671ft to 335ftx335ft which is half the size of the original case. We 
increased the number of the grids to double to test the effect of the convergence 
errors on the data outcome.  Figure 5.12 shows the cumulative oil production for the 
original case and for Minagish after we decrease the grid size. The result again 
shows a good consistency with the original model.  This does not mean that the two 
models are identical but the difference between the two cases is very small. The 
heterogeneity of the model affects the flow path when we use different grid sizes. As 
we decrease the grid size, the flow path of the fluid will be more controlled and 
hence the behaviour of the fluid will be smoother. This will reduce the accuracy effect 
and also reduce the convergence errors as we saw earlier in the homogenous 
model. 
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 Figure 5.13 shows the production rate of the base and refined cases. The 
difference on production rate for the two cases is also very small. There is a small 
fluctuation between the two but as we mentioned earlier this is due to the 
heterogeneity of the reservoir and also to that fact that as the grid size becomes 
smaller, the fluid behaviour can be easily captured and efficiently interpreted. 
 
 
 
 
 
Figure 5.12: Cumulative oil production before and after grid refinement for Minagish Field  
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Figure 5.13: Production rate before and after grid refinement for Minagish Field 
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6. Sensitivity Analysis 
6.1 The Price of Oil: 
 
 In reality there are many uncertainties which can affect the success of any 
recovery strategy. In particular they may affect which strategy is the optimal one. 
These uncertainties include oil price, permeability changes, operational cost, capital 
cost, and porosity differences etc. In this chapter I will focus on two parameters that 
will have a great impact on the final result of the study.  These two parameters are 
price of oil and permeability distribution (heterogeneity of the reservoir). Fluctuation 
in the price of oil can make a project that is profitable now completely uneconomic 
without any prior indication. This can be subjected to world stability or supply and 
demand from major producing countries. Also the permeability is very important 
because some of the data in hand might be old which means that if the real case is 
slightly different, then different results will come out. Permeability can make a 
reservoir very economic if we can produce an economic amount of oil or makes it 
uneconomic if it has shale or impermeable zones.  
 
 In this study, the price of oil used is 70$/STB. To check the sensitivity of the 
price of oil on this study we have changed the price of oil while keeping the cost of 
the injectant and water treatment to be ~ 10% of the oil price and we find that the 
previous conclusion (which is surfactant injection is the optimal strategy) is still true 
as long as the price of oil is below 90 $/STB whereas if the price of oil is higher then 
using solvent will give a better cash flow. As the price of oil increased we start to see 
that the cost of surfactant injected and the water produced will start to increase until 
we reach a point (90 $/STB) where the cash flow will be the same if we inject solvent 
or surfactant. See Figure 6.1 below  
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Figure 6.1: Solvent and surfactant cash flow at a price of oil 90 $/STB  
 
If the price of oil is higher than 90 $/STB, then the discounted cash flow of 
solvent injection will be higher because the cost of surfactant injected and water 
produced treatment will be higher than solvent case. No matter how high the price of 
oil goes above 90 $/STB it will still give the solvent injection the lead over the 
surfactant injection as we can see from figures 6.2 & 6.3 but if the price of oil is lower 
than 90 $/STB the surfactant will give the highest discounted cash flow to some 
extent that will be discussed later as we discuss the oil price sensitivity. See Figure 
6.2 & 6.3 for the discounted cash flow below and above 90 $ /STB. 
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Figure 6.2: Solvent and surfactant cash flow at a price of oil 100 $/STB 
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Figure 6.3: Solvent and surfactant cash flow at a price of oil 60 $/STB 
 
 The above conclusions are based on using a particular oil price (90 $/STB) 
and this can be crucial. For this reason we have analysed the NPV using different oil 
prices to see what range can we consider. Figure 6.4 shows the NPV versus the oil 
price and we can see from the plot that 90 $/STB is the intersection point between 
the solvent and surfactant injection NPVs. As the price of oil increases, we see that 
the difference between the two curves increases which confirms the conclusion we 
have made earlier that if the price of oil increases above 90 $/STB solvent injection 
will be a more profitable solution to use. On the other hand, the difference between 
the NPVs for two methods below 90 $/STB is very small. This might lead to another 
discussion whether lower NPV means a bad choice comparing to the other or not. 
From the figure 6.4 we can say that since the difference is small it is quite possible 
that either option will be applicable. Other investigations (like Capex and Opex 
calculations) can be made to further refine the analysis and determine the final 
answer for the optimum NPV. However, based on a numerical values obtained in this 
study, surfactant is showing a better NPV for an oil prices below 90 $/STB. 
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Figure 6.4: Oil price sensitivity chart 
 
6.2 Permeability Variation: 
 
 Permeability heterogeneity is very important as it controls the sweep 
efficiency and lead to either high or low cumulative oil production. In the real 
reservoir model, the permeability range is from 300-1000 mD. For the sensitivity 
analysis, we have decided to chose two scenarios one with a model more 
homogeneous than this and another one more heterogeneous than the model of 
study. For the more homogeneous model, we just chose permeability ranges 
randomly from 100-500 mD to see how this will affect the conclusion we have 
obtained earlier. We used the formula below to calculate the new permeability and 
make sure that the minimum and maximum values of each range are equivalent to 
each other. This means that 300md in the real case will be equal to 100md using the 
new permeability range. 
 
    )300
7
4
100(
7
4
12  KK
                                               (6.2.1)
 
Where K 2 is the new permeability 
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 After we ran the simulation we noticed that in this case solvent will give a 
better cumulative oil production than surfactant injection. This may be due to the fact 
that the gas will sweep easily through the tight rocks better than the surfactant.  The 
solvent will dissolve in the oil whereas if we use a surfactant it will be immiscible and 
try to push the oil through the tight pore spaces of low permeability zones.  This case 
indicates that using solvent will have a better recovery and hence a better cash flow 
as we already know that the cost of solvent and price of solvent is lower than the 
surfactant injected. Figure 6.5 show the cumulative oil production for the first 
scenario which is solvent and surfactant injection at low permeability range. 
 
 
 
Figure 6.5: Cumulative oil production at low permeability scenario 
 
The other scenario is using less homogenous model (more heterogeneous) 
with a permeability range from 500-1500 mD. Same formula has been used to 
express the changes in permeability using the new range interval that extrapolates 
the permeability values to this range. 
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7
10
12  KK                                              (6.2.2) 
Where K 2 is the new permeability. 
 
This case showed that it will give the same conclusion as for the real model 
used for this study. It shows that using surfactant will still give a better recovery than 
using solvent. The surfactant can move easier through the permeable zones and 
give higher sweep efficiency. In this case the same thing will apply in terms of Net 
Present Value. Surfactant will be the best option until the oil price reach a certain 
value (120 $/STB) then the solvent will take the lead on the project. Figure 6.6 shows 
the difference of the cumulative oil production between solvent and surfactant 
injection with a higher permeability range. 
 
 
Figure 6.6: Cumulative oil production for solvent and surfactant injection at high permeable 
model. 
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7. Conclusion 
 
 In conclusion, we observe that the energy challenges facing the world today 
and in the coming decades makes a very compelling case for increasing the ultimate 
recovery. EOR faces many challenges as we move to more complex reservoirs and 
these challenges need to be addressed by well-constructed plans. This study was 
made to give a good plan on screening criteria for enhanced oil recovery in 
carbonate reservoir. The criteria are based on oil recovery mechanisms with 
changing the injectant concentration and slug size. 
 
 The chemical supply and cost are important parts of economy projects. 
Because of the high cost of chemicals, it is essential to optimize chemical systems to 
provide the greatest oil recovery at the lowest cost. 
 
 From the results we obtained in chapter 5, we can say that using surfactant 
will lead to the maximum oil recovery based on the given data in the Minagish model. 
Solvent injection showed a good competitive scenario but the NPV gave the lead to 
the surfactant injection. Injecting a surfactant with a concentration of 0.2 Ib/STB for 
½ the period of the project will result in a high NPV because the cost of the injectant 
will be less as we are just injecting for ½ the period and also it will help to improve 
the areal sweep efficiency and result in a high cumulative oil production.  The cost of 
the injectant can change the lead if we consider that the cumulative oil production 
change is small (42429 STB).  
 
 The optimum design was determined by changing the concentration of the 
injectant and the slug size of injection. The result was an optimum slug size for a 
given polymer, solvent, and surfactant concentrations. Optimizing the slug size was 
repeated for different injectant concentrations until an optimum concentration was 
reached.  
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 Surfactant of 0.2 Ib/STB concentration with a slug size of 40 years showed 
the best discounted cash flow among other processes. This does not mean that 
using solvent with a fraction of 1 and slug size of 40 years is a bad option because of 
the current oil price which might change significantly afterward and gives the solvent 
injection the advantage over surfactant injection. 
 
 EOR processes are long-term projects with profit depending strongly on the 
oil prices. During the project life, the oil price may change significantly, making a 
long-term prediction of the profit of an EOR project difficult. However, in short term, 
the project cost and the profit can be predictable. Project profitability measures were 
used as the decision-making variables in an iterative approach to optimize the 
design. The economic model used required the following variables 1) time (years) 2) 
pore volume injected 3) cumulative oil recovery, and 4) total fluid production (bbls). 
Discounted cash flow was used to economically evaluate each design. In order to 
generalise our study and minimize the uncertainty of the results, we have changed 
the oil price to see at which price our result will still be valid. From the sensitivity 
analysis of oil price, we noticed that surfactant injection will still be the optimum case 
as long as the price of oil is below 90 $/STB. If the price of oil increases then the 
price of surfactant and water production treatment will increase resulting that using 
solvent injection will give a better NPV as solvent price is lower than surfactant. We 
changed the price of the injectant as we were changing the price of oil in a range of 
10% to give our study more realistic data. Increasing the price of oil will cause an 
increase in the injectant prices for sure so we had to put this into account to give a 
better interpretation. 
 
 Also another part of uncertainty was the reservoir heterogeneity. For this 
study to be generalised, we have tried to analyse different cases of permeability 
applied to the model we used to see if we still will have the same order of options we 
obtained. The model we used has a permeability range 300-1000 mD which in this 
case we had to use a model more homogeneous and more heterogeneous to test 
the changes of recovery in each case. 
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By using a permeability range 100-500 mD, we noticed that using solvent 
injection will give a better recovery. The solvent will dissolve in the oil and reduce the 
viscosity of the oil to give a better sweep efficiency. In terms of surfactant, it will have 
more difficulties to move through the low permeable zones compared to the base 
case of study so the overall performance with surfactant injection will show a lower 
value of recovery compared to solvent injection. 
 
If we use a higher range of permeability (500-1500 mD), the order of the 
different scenarios used on this study will be the same. The surfactant will have the 
ability to move efficiently as it did in the base case. So in general, surfactant injection 
will be the optimum scenario to be used for a carbonate reservoir with properties 
close to the range of properties we have on this model. From hundreds of simulation 
runs we can confirm that surfactant will be the first option to give the higher recovery 
then solvent and lastly polymer.  The price of oil and cost of injectant will make the 
final decision of how profitable is the project but if the oil price stays below 90 $/STB, 
surfactant might be the best option depending on the economical model used. If the 
price of oil goes higher than that then using solvent will be the best option to give the 
maximum NPV.  Table 6.1 will summarise the results as an economic or uneconomic 
project. 
 
Table 6.1: Summary of the optimum case with different parameters. 
Parameter Variation Oil Price < 90 $/STB Oil Price > 90 $/STB 
Low Permeability Range Solvent Solvent 
Medium Permeability Range Surfactant Solvent 
High Permeability Range Surfactant Surfactant up to 120$/STB 
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There is still considerable uncertainty associated with the economic success 
of the project. There are large numbers of variables that can affect the outcome of an 
EOR process and is not possible to include all of them in an economical model. In 
addition, the production data obtained from simulations strongly depend on several 
parameters used in the reservoir description. In the expert system, once the optimum 
design is achieved, the user has the option of investigating the effect of some 
variables on the profitability of the project. Such variables include crude oil price, 
porosity changes, chemical cost, and operating cost, capital cost, etc. In the next 
chapter, we discuss the recommendations that we suggest to analyse this case from 
different aspects. 
 
The novelty of this research lies in the development of the approach or the 
methodology used to obtain the optimum criteria for different EOR methods. The 
closest study was carried out by Al-bahar et al. [2]. They have looked at different 
reservoir characteristics that suit different EOR methods. The main idea is to analyse 
different reservoirs characteristic to check what will be the best EOR method that will 
work better for different reservoir criteria. 
 
We extended this study by looking at different EOR mechanisms that will help 
to determine the optimum solution for any reservoir by changing the concentration 
and the slug size.  
 
We have applied this study to a carbonate reservoir but the general 
methodology could be extended to any other type of reservoirs that will lead to an 
optimum recovery overall. However, the results obtained in this study are applicable 
for this field only because of the parameters used in the model. The similar 
conclusions are valid for other reservoirs as long as they have similar properties.  
 
It is clear that different reservoirs (e.g. sand stone type reservoirs) will have 
different characteristics like permeability and fractures etc, but that does not mean 
that we can not apply this methodology to them. It is applicable to all types of 
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reservoirs as long as it is used at the same ratio. If we have a different viscosity or 
relative permeability for example, then this will change the fractional flow of the 
system  which might lead to a different mobility and sweep efficiency and hence 
change the structure of the system where if we change the injection rate or the well 
pattern for example the conclusion obtained should be the same as long as they are 
used at the same methodology and approach.  
 
Another novelty of this research is that the oil price and permeability analysis 
were added to check the uncertainty and the accuracy of the final results. We have 
also performed a sensitivity analysis to the oil price and the permeability, due to the 
large impact that can lead to a different conclusion in a short term (like oil Price) or 
due to data validation. We have built a range of uncertainty on the oil price where 
each company can apply their own economical model to see if they fit in the same 
range or not. 
 
This analysis emphasised how sensitive is any EOR project to the oil price 
and indicates, based on the graphs and plots shown earlier, that this can divert  
project from using one technique to another. 
 
Finally we re-emphasize that all the results obtained in this research can only 
be valid for this reservoir or a similar field but the approach or the methodology used 
on this study to get the optimum solution is a general approach that can be applied 
to all types of reservoirs with all different properties. The parameters we have 
investigated are essential to any analysis irrespective of the kind of reservoir.   
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8. Recommendations 
 
  
 As we completed this study, there are some points that we recommend for 
more investigation or for a carry over to the project. One of these points is the reality 
of the reservoir data. The data given for Minagish field is a bit old (2002)  which 
means that a new interpretation should be carried out to validate the data of the 
reservoir or may be take another sector at a different location and analyse the data 
again. If we had to start this project again, we would recommend that we use more 
updated data or at least provided with core samples to help on our analysis. 
 
 Another point that we recommend is using different injection schemes other 
than the ones we used. We used a continuous injection throughout our study but a 
discontinuous injection might show different results. Also we have used each 
injectant in a separate study where we can use a combination of two or more at the 
same scheme. We could of used a polymer and solvent injection at the same times 
or surfactant with solvent etc. Another point of recommendation is that we use 
different injectant properties. We can use different density, viscosity, solubility, etc.  
 
 Using a wider range of EOR strategy would generalize this study more. There 
are tens of EOR processes (steam injection, N2 injection, etc) that can be 
investigated deeply to determine the optimum case. Also different financial regimes 
will expand the sensitivity analysis and limit the uncertainty of the project. Variation 
of injectant prices can be analysed more and tested on a different economic model. 
 
 Overall, screening the EOR processes can be an open ended problem. This 
type of study require a lot of investigation and analysis and also a good comparison 
with other peoples‟ work to come up with the optimum solution for different reservoir 
categories that will lead to an economical project at the end. 
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Figure 10.1: Top view of Minagish Field Sector 
 
 
 
Figure 10.2: Minagish Field Injecting wells 
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Figure 10.3: Minagish Field Producing wells  
 
 
 
Figure 10.4 : Side view of Minagish Field  
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Figure 10.5 : Cross section of Perm Z for Minagish sector model 
 
 
 
Figure 10.6: Top view of Perm X , Perm Y for Minagish sector model 
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Figure 10.7: Top view of  Perm Z for Minagish sector model 
 
 
 
Figure 10.8: Porosity distribution for Minagish sector model 
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Figure 10.9: Cross section of water saturation for minagish field for surfactant INJ5. 
 
 
 
Figure 10.10: Cross section of oil saturation for surfactant INJ5 in Minagish field  
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Figure 10.11: Frontal cross section of perm X, Y for Minagish sector model 
 
 
 
Figure 10.12: Frontal cross section of perm Z for Minagish sector model 
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Figure 10.13: Discounted Cash Flow for different ending slug sizes schemes.  
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Figure 10.14: Discounted Cash Flow for different beginning slug sizes schemes. 
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Figure 10.15: Depth-Structure map of part of West Kuwait/Neutral Zone at the top of 
Marrat Formation ( Carman,1996) (37) 
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Figure 10.16: Stratigraphy of Kuwait (Carman, 1996, Abdullah et al, 1997) (37).
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Figure 10.17: Structure map of Minagish Field at (A) Shu‟aiba Formation level and (B) Marrat Formation level (Carman,1996) 
(37)
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Figure 10.18: Depth Structure map of the Minagish Field at the top of Minagish 
Oolite (Carman,1996) (37) 
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Figure 10.19: (A) Outline map of the Minagish Field showing the distribution of Tar 
mat (B) W-E schematic cross section through Minagish Field (37) 
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Figure 10.20: Forecast performance of the Minagish Field (Al-Mutairi et al, 2001) 
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